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Chapter 1

Introduction

1.1 The Rate Proposal

The 2007-2008 Rate Proposal recommends rate levels needed to collect sufficient
revenues from customers so that City Light can provide for its operations, maintenance
and capital needs as well as meet its financial policies, most recently articulated by City
Council in Resolution 30761 in May 2005. The Proposed 2007 and 2008 Budget
submitted to the City Council is the basis for the 2007-2008 Rate Proposal. The Budget
identifies the activities and resources necessary to achieve City Light’s mission, i.e.
“exceed our customers’ expectations in producing and delivering environmentally
responsible, safe, low cost and reliable power.”

As stated in Section 11 of Resolution 28004 of July 24, 1989, “The rate process is
generally comprised of three steps [revenue requirement, cost of service and rate design],
which are described below. While the documentation of each of the steps is done
separately, the documents are the basis of a single complete rate proposal made by the
Mayor, reviewed by the public, and reviewed and acted upon by the Seattle City
Council.”

The three steps in the rate process are as follows:

« Revenue Requirements Analysis (RRA)
The first step estimates and documents the amount of revenue required to meet
operating and maintenance expenses and to meet the Department's financial policies.
The percentage change in rates necessary to collect the revenue required is the
average rate for the system as a whole. Changes in rates applicable to specific
customer classes can, and often do, differ from changes in the system average rate.
The changes affecting the various customer classes are reviewed in the Cost of
Service and Rate Design reports.

« Cost of Service and Cost Allocation (COSACAR)
The cost of serving each customer class is analyzed in the second step of the rate
review process and presented in the Cost of Service and Cost Allocation Study, which
determines the share of the total revenue requirement to be collected from each class.

. Rate Design
The third step of the rate review process is the design of rate schedules that recover
the required amount of revenue from each rate group, as determined by the cost
allocation procedure. The structure, components and the relationships among the
components of each rate are determined in the rate design process. The rate design



report includes recommendations on the rate design for each rate class and
documentation of instances where the proposed rate design departs from cost-based
principles.

1.2 Organization of the 2007-2008 Revenue Requirements Analysis

Chapter 2 of the RRA discusses the major reasons for the change in revenue requirements
between the forecast for 2006 and projections for 2007 and 2008.

Chapter 3 describes net power costs and the forecast of energy sales to customers. This
chapter reviews the sources of energy for the utility, including both owned generation and
purchased power contracts. It also includes discussions of transmission and wheeling
expenses and revenues, water-for-power expenses and other power-related expenses and
revenues that do not reflect purchases and sales of energy. A discussion of the net
revenue or expense resulting from short-term wholesale market transactions and the
uncertainty associated with these transactions is also included.

Chapter 4 deals with the operation and maintenance expenses of the utility other than the
power-related costs discussed in Chapter 3. Operation and maintenance costs include
distribution, customer accounting and advisory, direct conservation and administration
and general. Chapter 4 also reviews sources of revenue other than sales of energy to
customers and other utilities. These revenues, which include interest earnings and
miscellaneous revenues, help to reduce the revenue required from customers because they
are sources of additional funds. This chapter also reviews credits to base rates,
uncollectible accounts, and taxes.

Chapter 5 describes the utility's capital requirements. This chapter discusses major
initiatives in the Department’s Capital Improvement Program (CIP), Conservation
Implementation Plan and other capital requirements. The RRA forecast classifies CIP
expenditures according to functional categories: generation, transmission, distribution,
and general plant.

Chapter 6 analyzes the factors affecting reliance on debt, details the computation of the
amount of debt issued and describes the trend in the utility's debt service and debt
accumulation. It also discusses how the utility’s financial policies determine the relative
mix of funding to pay for capital requirements. Funding sources include 1) proceeds
from operations, which include retail energy sales, wholesale power and power-related
revenue, and miscellaneous revenue from property rentals, service charges, late payment
fees, etc. 2) proceeds from debt issues and other borrowing; and 3) contributions in aid of
construction, capital grants, federal agency funding for conservation programs and
customer payments for conservation.

Chapter 7 presents the methodology used in unbundling the Department’s costs into the
various functional components that reflect its major lines of business. The two primary
functional categories are energy and retail services. Energy is further subdivided into
subcategories of power, conservation and transmission-long distance. Within retail



services, the major subcategories are distribution, customer accounts and services, and
low-income assistance. Functionalized revenue requirements serve as inputs to the Cost
of Service Model, which allocates them by customer class based on marginal cost of
service.

This RRA also includes appendices. Appendix 1 presents the financial statements,
including the Flow of Funds (Table 1.02), Net Earnings (Table 1.04) and Balance Sheet
(Table 1.05) statements prepared for this rate period by the Department’s Financial
Planning Model (FPM). It details the revenue and expenditure forecasts used to calculate
the revenue required from retail customers to support the City Light’s operations and
plant, meet the utility’s financial guidelines as well as underlying load-resource balance
of the utility. Appendix 2 provides an explanation of the power resource forecast that
Power Management provides to the Financial Planning Unit (FPU). This power resource
forecast provides inputs to FPU’s forecast of wholesale sales and purchases, providing
ranges of data that reflect the uncertainty associated with resource availability.

A goal of the rate setting process has been to establish stable rates for the period 2007-
2008. City Light first determined the revenue requirements for each calendar year.
However, revenue requirements over these two years change significantly, largely in the
expectation of receiving less net wholesale revenue in 2008. This resulted in a rate
decrease of approximately 7.6% in 2007 followed by a rate increase of 5.8% in 2008. To
facilitate stable rates, City Light averaged the revenue requirements for the two-year
period, which resulted in an average base rate decrease of 4.8%". City Light then
prepared its forecast using the retail rates determined by averaged revenue requirements.
Therefore, the revenue requirements discussed in this analysis are the result of the
averaged retail rates for 2007-2008. The revenue requirements presented in the Cost of
Service and Cost Allocation Report differ slightly from the most recent financial forecast
since they were used to determine the average retail rate for 2007-2008. The proposed
rates for 2007 and 2008 meet the financial policy objectives in each of these two years.

! Base rates are projected to decrease by 4.8%. Revenue required from base rates does not include
adjustments for power factor charges, rate discounts and credits for customer own-transformation or
interruptibility. Average system rates include the adjustments noted above and are forecast to decrease by
4.1% as shown in Chapter 2, Table 2.2. See Chapter 7, page 4 for further explanation of the relationship
between average system rates and average base rates.



Chapter 2
Summary of Changes in Revenue Requirements

2.1 Introduction

This chapter presents a summary of changes in revenue requirements underlying the rate
adjustments proposed by the Mayor to take effect on January 1, 2007 through 2008. This
rate proposal allows for a decrease of 4.1% in average system rates, using conservative
hydro-system assumptions, while at the same time meeting all City Light financial
policies.

Resolution 30761, in adopting new financial policies for City Light, requires City Light
to use a “flow of funds” approach (like cash flow) in discussing its revenue requirement
forecast. This shows how revenue available for debt service and the capital program are
calculated and that the Department expects to meet its debt service coverage (2.0 times
first and second lien debt service) and revenues available for the capital program (95%
confidence > zero) financial policy targets.

Section 2.2 describes how the revenue requirements are determined using the flow-of-
funds format. Section 2.3 identifies the major sources of change between forecast for
2006 and the Proposed 2007-2008 Revenue Requirements. Section 2.4 discusses non-
cash expenses and its impact on net income and the Department’s debt-to-capitalization
target.

2.2 How Revenue Requirements Are Determined

The object of the Revenue Requirements Analysis is to determine the amount of revenue
from customers that must be collected by the Department in a given calendar year to
cover operating costs in that year and meet financial policies prescribed by Resolution
30761 adopted in May 2005.

Operating costs and capital expenditure levels are set during the biennial budget process.
Levels of expenditure are set so that Seattle City Light will have the staff and financial
resources to support key activities and projects, which will enable the utility to accomplish
its mission, i.e. “exceed our customers’ expectations in producing and delivering
environmentally responsible, safe, low cost and reliable power”. The amount of revenue
required from customers is calculated after operations and maintenance expenses, capital
expenditures, other sources of revenues including revenue from wholesale energy sales,
and cash balances required by financial policy are projected.

Table 2.1 shows the flow of funds in the financial forecast, which forms the basis for
rates projected for 2007 and 2008. City Light proposes to set rates so that revenues from
customers total $551.4 million in 2007 and $563.5 in 2008. At that level, revenues from
customers plus wholesale power and other expected sources of revenues will be sufficient



to pay for City Light’s operations, debt service, and taxes and meet its financial policies,
i.e. make current revenues available (95% confidence) to pay for capital expenditures,
meet debt service coverage and cash reserve targets and make progress towards reaching
City Light’s 60% debt to capitalization ratio by 2010.

Table 2.1

City Light's Flow of Funds
(All Dollar Figures in Millions)

2006 | 2007 | 2008
Revenue from Customers $566.1 $551.4 $563.5
Power and Power-Related Revenue $215.2 $256.5 $216.0
Other Revenue $13.5 $14.1 $15.2
Total Revenue $794.8 $822.0 $794.7
Power Costs $363.3 $368.4 $351.7
Nonpower O&M $123.8 $130.9 $133.4
Other Costs (Net) $16.4 $8.1 $19.5
Total Costs Before Debt Service $503.4 $507.4 $504.5
Revenue Available for Debt Service $291.4 $314.7 $290.2
First Lien Debt Service $128.2 $128.2 $128.2
Second Lien Debt Service $7.9 $8.3 $8.7
Repayment of Sound Transit Loan $5.6 $4.4 $0.0
City Taxes $34.9 $34.1 $34.8
Other Uses of Funds $2.1 -$0.4 $2.5
Net Revenue Available for the Capital Program $112.7 $140.1 $115.9

2.3 Changes in Revenue Requirements in 2007 and 2008

Table 2.2 presents a summary of changes in the revenue requirements forecast and its
implications for setting customer rates and meeting financial targets. It identifies the
sources of growth in each of five major categories of revenue requirements: net power,
non-power operations and maintenance, debt service expense, other costs minus other
revenues and additional revenue required needed to meet financial policies. Forecasts of
the components of each of these categories are discussed in more detail in chapters 3
through 6. Projected revenue requirements in 2007 and 2008 will be compared with
revenue requirements in the forecast for 2006 and the reasons for changes between the
two forecasts will be explained. The forecast for 2006 reflects historical trends in costs
and revenues and known adjustments above the trends.



Table 2.2

Summary of Revenue Requirements 2006-2008
(All Dollar Figures in Millions)

Average System Rates Change from 2006 to 2008

2006 | 2007 | 2008 $ or MWh %
Total Revenue Requirement $566.1 $551.4 $563.5 -$2.6 -0.5%
Sales (MWh) 9,324,653 9,496,232 9,677,386 352,733 4%
Average Rate ($/MWh) $60.71 $58.06 $58.23 -$2.48 -4.1%
Annual % Increase in Average Rate -4.4% 0.3%

Revenue Requirements Change from 2006 to 2008

2006 | 2007 | 2008 $ %
Net Power Costs $145.2 $108.9 $132.7 -$12.5 -8.6%
Other O&M Costs $123.8 $130.9 $133.4 $9.6 7.7%
Debt Service $141.7 $140.9 $136.9 -$4.8 -3.4%
Other Costs Minus Other Revenues $42.8 $30.6 $44.7 $1.9 4.4%
Add'l Revenue Required to Meet
Financial Policy Targets $112.7 $140.1 $115.9 $3.2 2.8%
Total Revenue Requirement $566.1 $551.4 $563.5 -$2.6 -0.5%

Financial Policy Targets

2006 | 2007 | 2008 Target
First Lien Debt Service Coverage 2.14 2.31 2.12 2.00
Probability of Revenue for Capital 94.0% 95.0% 95.0% 95.0%
Long-Term Debt as % Capitalization 72.9% 66.9% 62.7%  [60% by 2010
Minimum Operating Cash Balance $116.14 $78.94 $30.00 $30.0
Operating Contingency Reserve $25.0 $25.0 $25.0 $25.0

The Total Revenue Requirement is projected to decrease from $566.1 million in 2006 to
$563.5 million in 2008 or by $2.6 million. Average customer rates are projected to
decline by about 4.1%? from 2006 to 2008, the first significant decrease after a period of
significant rate increases in 2001-2002 resulting from the Energy Crisis of 2000-2001.
(See Figure 2.1.) This occurs because revenue required from customers is declining by
0.5% but at the same time energy sales to customers is expected to grow by 4%. This
means that a smaller revenue requirement can be collected over a higher level of kWh
sales. Therefore, the rate per kwWh can be 4. 1% less while still collecting sufficient
revenues to provide for operations and meet financial policies.

2 Base rates are projected to decrease by 4.8% on average, from $61.38 to $58.46/MWh. Revenue required
from base rates does not include adjustments for power factor charges, rate discounts and credits for
customer own-transformation or interruptibility. See Chapter 7, page 4 for Reconciliation of Revenue from
Retail Power Sales with Allocated Revenue Requirement.



Figure 2.1
Average System Rates in $/MWh
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2.3.1 Net Power Costs

Net power costs are projected to decrease by $12.5 million from 2006 to 2008, an 8.6%
decrease. The primary causes of this decrease are lower expenses for power purchased
under long-term contracts excluding purchases from the Bonneville Power
Administration (BPA) and higher transmission revenues, which more than offset an
increase in expenses for Bonneville power purchases. The forecast reflects the
discontinuation of the Klamath Falls contract, which terminated in July 2006. This
lowers purchased power costs by $23.9 million. In 2008 Lucky Peak purchased power
expenses will decrease by $4.5 million when the debt service component of this contract
is completely paid off. Transmission revenues are estimated to be $3.4 million higher.
These changes offset an increase in BPA power costs of $11.8 million. Power costs are
largely defined by the terms of purchased power and transmission and wheeling
contracts, which may cover a multi-year period. Wholesale power revenues (net of
expenses) are subject to variable water conditions and market price uncertainty. Short-
term wholesale power prices used to forecast wholesale power revenues and expenses are
based on projections provided by an independent consultant, Global Energy Decisions.
Neither near-term power costs nor wholesale revenues can be easily controlled by
management decision.

Net revenue from surplus energy sales is not an important contributor to the decrease in
revenue requirements when comparing 2006 to 2008. However, because of its volatility,
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it does have a substantially different impact on revenue requirements in 2007. Net
revenue from surplus energy sales increases by $40.8 million in 2007, but in 2008 it
drops back to a level that is only $0.6 million higher than the amount projected for 2006.
The jump in net wholesale revenue in 2007 reflects both a projected 8% increase in
average sales prices and a 12% increase in the amount of energy available for sale
because of an increase in the quantity of energy purchased from the Bonneville Power
Administration. In 2008, revenue from surplus energy falls by $40.2 million, returning to
a level similar to that of 2006. The quantity of surplus energy available for sale is 5% less
than in 2007, due to load growth, lower generation by City Light-owned resources, and a
slight decrease in the quantity of purchases from BPA. This is compounded by a
projected average sales price that is 15% lower than in 2007.

2.3.2 Non-Power O&M Costs

Non-power operating and maintenance expenses include costs related to distribution,
customer accounting and advisory, conservation and administration and general costs.
Expenses in this category are projected to grow by $9.6 million from 2006 to 2008, a
7.7% increase. The largest portion of this growth will be in the administrative and
general (A&G) expense category, which is projected to grow by $7.7 million. A&G cost
is increasing primarily due to higher projected labor and labor benefits costs, City
services cost allocations and significant increases in Seattle Municipal Tower rental rates
charged to all City Departments. The A&G forecast also provides resources for
improving security at City Light facilities to prevent unauthorized access and criminal
activities that could cause significant system damage, power outages, and other related
disruptions to the electrical system. Total distribution O&M expense is projected to
increase by $1.3 million or 3%. By refocusing existing resources (about $4.4 million
each year in 2007 and 2008), City Light plans to increase its preventative tree trimming
effort, which will improve service reliability and facilitate better customer service by
reducing outages in both frequency and duration. This forecast allows City Light to catch
up on tree trimming that was deferred by budget cuts in the early 2000s. All other
categories are projected to increase at or below the rate of inflation for the rate period.

2.3.3 Debt Service Expense

Debt service expense is expected to decrease by $4.8 million or 3.4% from 2006 to 2008.
This reflects increased funding of capital expenditures from current revenue as a result of
more stringent financial policies, lower capital improvement program expenditures in
years 2002 to 2004, and liquidation of the Bond Reserve Fund, which was replaced with
a surety bond in 2005.

2.3.4 Other Costs Minus Other Revenues

There are a number of changes in revenues and expenses not included in the three major
categories of revenue requirements, the net effect of which is to increase revenue
requirements by $1.9 million, an increase of 4.4%.
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Interest Income decreases by $3.1 million. Interest income is projected to be $3.1 million
lower in 2008 than in 2006. Cash balances will be much lower because all of the excess
cash from liquidation of the Bond Reserve Fund that has been accumulated in 2006 will
be drawn down and used to pay for capital projects in 2007 and 2008.

Other Revenues increase by $1.7 million. Other revenues are projected to grow $1.7
million from 2006 to 2008. Key contributors to this growth are increases in account
service charges and pole attachment rental fees that will take effect in 2007 when new
customer retail rates take effect.

Taxes and Contract Payments Remain Stable.

Taxes and contract payments are projected to decrease by $1.0 million from 2006 to 2007
then increase $1.1 million in 2008 returning to a level that is only $0.1 higher than that of
2008. These minor fluctuations are a function of year to year changes in the retail
revenues on which most of these taxes are based.

2.3.5 Additional Revenue Required to Meet Financial Targets

Revenue required to meet financial targets is expected to increase by $24.2 million from
2006 to 2007 then decrease by $27.4 million from 2007 to 2008. The financial policy
that drives revenue required to meet financial targets during the rate period is that City
Light must have 95% confidence that current revenue is available to support the capital
requirements. This means that all other financial policies will be met or exceeded as well.
Table 2.2 shows that City Light expects to achieve a debt-to-capitalization ratio target of
60% by 2010. Further, City Light’s debt service coverage is expected to be 2.31 in 2007
and 2.12 in 2008, which exceeds the minimum financial policy target of 2.0. If rates
were set to achieve 2.0 debt-service coverage in each of these years then customer rates
could be lower. However, this would prevent the utility from meeting its long-term
financial target of reducing its debt to total capitalization ratio to 60% by 2010 and
having 95% confidence of having current funds available for capital requirements.
Operating cash balances and contingency reserves are also projected to meet or exceed
financial guidelines. Minimum operating cash balances are projected to be $78.9 million
in 2007 and $30 million in 2008. In addition, the balance to be maintained in the
operating contingency reserve is set at $25 million in both years, as stipulated by City
Council resolution.

2.4 Non-Cash Expenses

Depreciation and amortization are non-cash expenses that represent an accounting
estimate of the amount by which the value of long-lived assets (e.g. capital projects or
conservation) is reduced through usage in a given year. They do not impact debt service
coverage or revenues available for the capital program directly and they do not appear on
the “flow of funds” statement, discussed above. However, they do impact net income
(FPM Table 1.01 — Net Income), which in turn effects the debt-to-total-capitalization
ratio. The debt-to-capitalization ratio (FPM Table 1.05- Assets and Liabilities) is
calculated as debt outstanding divided by accumulated equity (net earnings) plus debt
outstanding. In the current forecast, City Light’s 95% confidence target is driving
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revenue required from customers; therefore, the forecast of depreciation and amortization
with existing accounting policies does not impact the level of revenue required from
customers in this rate period.
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Chapter 3

Loads, Resources, Power Costs and Other Power-Related Revenue

3.1 Introduction

Chapter 1 indicated that one part of City Light’s revenue requirements is Net Power
Costs. Net Power Costs equal Gross Power Costs less Gross Power Revenue and less
Other Power-Related Revenues. This chapter presents critical details concerning Gross
Power Costs, Gross Power Revenue from wholesale power sales, and power-related
revenue from sources other than sale of power on the wholesale market. It also presents
detailed information on transmission and wheeling costs and revenues.

Section 3.2 presents the Forecast of retail loads, losses, power used in production, and
other energy obligations, such as contractual obligations and seasonal exchange
obligations. The total retail load, though, is the largest determinant of the amount of
power resources required (accounting for 94 percent of the total Seattle system load) and
the retail load reflects the load that is the billing quantity used to compute retail revenue.

Section 3.3 presents data on Power Supply available to meet total energy obligations.
The current sources are City Light owned hydro facilities, long-term purchase contracts,
and wholesale (spot) market purchases. This section also presents information on Power
Costs. These costs cover Generation (owned and long term purchase contracts),
Purchased Power (short term or spot purchases), Transmission (services provided by City
Light), and Wheeling (transmission services purchased from others).

Section 3.4 presents data on revenue from short-term wholesale power sales, presented
both gross and net of purchases of short-term wholesale energy. This section presents the
forecast methodology used to project these revenues under conditions of uncertainty with
regard to load, energy prices and water conditions. It also provides information regarding
the sources of data for these projections, and describes how these projections are related
to the department’s financial policies.

Section 3.5 presents information on other power-related revenues and revenue from
transmission and related services.

3.2 Load Forecast

The load forecast reflects the projected demand from all customers in the utility’s service
area over the period 2006 to 2027. The forecast incorporates expected trends in the
economic and demographic characteristics of the service area.

Table 3.1 presents three kinds of load data as well as system peak demand. The top part

of the table shows projections of the expected values for use of MWH by type of retail
customer plus the amount of energy used by the Department for its own use at its
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generation stations and energy losses suffered in serving retail customers. Total sales to
customers account for 94 to 95 percent of total system load. The second portion of the
table presents expected values for MWH sales by major customer rate classes. The third
portion of the table adds MWH data on other obligations the Department has for energy
as well as amounts of energy expected to be available to sell on the wholesale market
creating the total expected energy to be disposed. The bottom portion of the table
presents the system peak demand (MW).
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Table 3.1
System Load by Type of Use, Sales by Rate Class, and Disposition of Energy, MWH

2005 2006 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016

Seattle System Load (MWh) 9,703,045 9,861,410 10,042,294 10,236,300 10,345,567 10,460,494 10,527,036 10,626,442 10,653,479 10,690,615 10,724,324 10,802,962
|sales by Type |

Energy Sales to Customers 9,161,465 9,324,653 9,496,232 9,677,386 9,783,960 9,892,995 9,956,104 10,047,364 10,076,086 10,111,310 10,143,299 10,214,813
Residential 2,981,800 3,125,307 3,179,516 3,246,443 3,273,752 3,280,524 3,284,482 3,297,747 3,291,870 3,294,429 3,296,814 3,307,779
Commercial 3,906,678 3,876,631 3,939,847 4,020,724 4,081,665 4,157,924 4,200,844 4,255,067 4,281,075 4,306,330 4,329,376 4,372,897
Governmental 1,078,435 1,050,644 1,094,408 1,118,458 1,136,636 1,160,635 1,174,727 1,194,054 1,203,699 1,210,600 1,217,255 1,226,238
Industrial 1,194,553 1,272,071 1,282,461 1,291,761 1,291,907 1,293,913 1,296,051 1,300,496 1,299,443 1,299,951 1,299,854 1,307,899
Own Use + Losses 541,580 536,757 546,062 558,914 561,607 567,499 570,932 579,078 577,393 579,305 581,025 588,149
|Sales by Rate Class |

Sales to Customers 9,161,465 9,324,653 9,496,232 9,677,386 9,783,960 9,892,995 9,956,104 10,047,364 10,076,086 10,111,310 10,143,299 10,214,813
Residential Service 2,974,688 3,118,337 3,172,459 3,239,278 3,266,543 3,273,303 3,277,255 3,290,499 3,284,631 3,287,187 3,289,568 3,300,515
Small General Service 1,181,804 1,180,812 1,203,007 1,228,236 1,247,281 1,271,266 1,284,926 1,302,349 1,310,784 1,318,722 1,325,970 1,339,230
Medium General Service 2,278,412 2,302,982 2,351,396 2,399,253 2,435,545 2,482,191 2,510,060 2,546,162 2,564,234 2,580,526 2,595,114 2,620,665
Large General Service 1,556,356 1,492,548 1,520,705 1,548,099 1,566,605 1,590,396 1,603,824 1,621,966 1,629,959 1,637,298 1,644,026 1,659,124
High Demand General Service 1,074,900 1,135,059 1,153,750 1,167,605 1,173,071 1,180,923 1,185,124 1,191,472 1,191,562 1,192,662 1,193,707 1,200,363
Street and Flood Lights 95,305 94,915 94,915 94,915 94,915 94,915 94,915 94,915 94,915 94,915 94,915 94,915
IDisposal of Energy |

Seattle System Load 9,703,045 9,861,410 10,042,294 10,236,300 10,345,567 10,460,494 10,527,036 10,626,442 10,653,479 10,690,615 10,724,324 10,802,962
Article 49 Sales to PO County 315,014 370,022 370,024 371,037 369,997 369,978 369,978 370,845 369,990 369,998 369,997 371,017
Other Obligations 134,578 160,966 168,565 164,774 164,673 204,509 203,219 202,034 200,976 200,595 200,586 199,995
Sales to Power Market 3,694,674 3,597,031 4,023,127 3,810,407 3,778,936 3,761,588 3,698,000 3,634,410 3,581,407 3,547,601 3,514,168 3,489,978
Expected Energy Disposed 13,847,311 13,989,430 14,604,010 14,582,517 14,659,171 14,796,570 14,798,235 14,833,731 14,805,852 14,808,809 14,809,074 14,863,952
[Peak Demand (MW) | 1,994 2,026 2,063 2,098 2,126 2,149 2,163 2,178 2,189 2,197 2,204 2,214

Note: Not all 2005 data in this table have been updated to reflect actual history, some values displayed are forecast values
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The table presents data currently in the model for the years 2006 through 2016. The expected
value of Seattle System Load is forecast to increase at an annual average rate of 0.9 percent from
2006 to 2016. This forecast assumes the continuation of conservation throughout the forecast
horizon. The conservation program is discussed in Chapter 5.

It is important to note that there is uncertainty in the annual forecasts. Figures 3.1 through 3.4
present some of these data in graphical form along with 20 years of historical data to put the
forecast into a historical perspective. Please note that the 2005 data in these graphs have not yet
been updated to reflect actual history. The history indicates that due to weather and business
conditions, usage of power can vary significantly from year to year. Section 3.4 of this chapter
will discuss how the uncertainty associated with the generation and usage of power and the price
at which it can be purchased and sold in the short-term wholesale power market is handled in the
Financial Planning Model.

Residential load, which currently accounts for about 33 percent of total energy sales to
customers, is expected to increase at an annual average rate of 0.6 percent over the 2006-2016
period, mostly as a result of the growth in multi-family dwellings.® Very little increase is
expected in the number of single-family dwellings. The average household size is projected to
decline as a result of the increase in the proportion of multi-family housing units, which normally
house smaller households.

Commercial and government customers account for about 53 percent of total energy sales to
customers, a share that is projected to increase as a result of the rapid growth in these sectors.
Commercial load is projected to increase at an annual average rate of 1.2 percent over the 2006-
2016 period and government load growth is projected at 1.6 percent. Diversification in the local
economy has helped to mitigate the impact of variations in Boeing employment levels, but these
are still capable of causing fluctuations in the demand for energy in City Light’s service area.

Industrial customers currently account for about 14 percent of total energy sales to customers in
the service area, a share that is expected to slightly diminish over the next several years due to
slower projected load growth than that of the other customer classes. Industrial load is expected
to increase at an average annual rate of only 0.3 percent over the period 2006 through 2016. The
number of large industrial customers in the utility’s service area is expected to remain largely
unchanged, but industrial output is expected to increase in response to local and national
economic growth. Each one of the major industrial sectors is dominated by a small number of
large firms.

® There is a small difference in the residential load in the top and middle sections of Table 2.1. This difference is
caused by different ways to distribute the total retail load for the two different purposes. The difference is not
materially significant.
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Figure 3.1

Retail Load by Type of Customer, MWH

11,000,000
10,000,000
Total Retail Load

9,000,000
8,000,000
7,000,000
6,000,000
5,000,000
4,000,000
3,000,000
2,000,000
1,000,000

0

1985 1987 1989 1991 1993 1995 1997 1999 2001 2003 2005 2007 2009 2011 2013 2015

Figure 3.2

Retail Load by Customer Class (Excluding Lights), MWH
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Figure 3.3

Load, Other Energy Obligations and Wholesale Sales, MWH
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Figure 3.4

System Peak Demand, MW
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The forecast of own use of energy is based on historical consumption and currently accounts for
about 0.3 percent of total system load. This amount, equivalent to about 3.5 average MW
annually, is anticipated to remain virtually unchanged in the forecast years.

The load forecast must also incorporate an estimate of losses, i.e., the energy lost in the
transmission and distribution system during the process of delivering power from the generating
sources to the customers. (These losses are combined with own use in Table 3.1.) This amount
is included as a component of total system load because energy generated and purchased must be
sufficient to meet demand at the point of delivery to customers. The assumption in the forecast
is that losses will be equal to 5.1 percent of total system load. Losses in the past have fluctuated
around this number.

The second portion of Table 3.1 shows annual projected consumption by customer class.
Though not in this table, the annual load forecast is disaggregated into monthly load projections
by rate classes using historical data on monthly profiles. A monthly revenue model predicts
energy sales to customers by month and by rate class and is an integral part of the financial
planning model.

In addition to retail sales and own use, the Department has several other, small, obligations to
deliver energy. The third portion of Table 3.1 indicates the required wholesale sales per Article
49 of a contract with Pend Oreille County PUD. There also are some exchanges of energy with
our obligations to other utilities listed under Other Obligations. At this time, under expected
water conditions, the Department will have a surplus, on an annual basis, of energy after all the
preceding uses and obligations of energy are considered. The surplus in the past and the
expected surplus in the future are available for sale to the wholesale power market.

The forecast of energy sales described above reflects the total number of megawatt hours
demanded by customers in each year. In fact, demand for electricity is instantaneous and varies
by time of day, day of the week and season of the year. The Department must be capable of
meeting the highest quantity demanded by its customers at each moment and thus must have the
distribution capacity and the power required during the peak period, which normally occurs in
the winter. The forecast of energy required in the 16-hour peak period of each winter is shown at
the bottom of Table 3.1. The units are in average megawatts during the 16-hour period for the
winter beginning the year listed. This peak period is defined as the 16 hours of highest
consecutive load in the month of January.

3.3 Power Supply

City Light derives energy to supply its obligations from two main sources: its own hydro
facilities and from long-term purchase contracts. Wholesale (spot market) purchases are also
used. This section focuses on power supply and includes pertinent details about cost
considerations.
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3.3.1 Owned Hydroelectric Resources

For planning purposes, City Light assumes that energy available from its hydro resources in any
planning year will be equal to the average that would be realized under water conditions that can
be expected to be exceeded 65% of the time. This amount is calculated by taking the average of
the outputs of 2,001 scenarios run by a simulation model that produces a range of results that
reflect forecast assumptions about uncertainty with regard to water conditions. The methodology
for developing this projection of generation is described in section 3.4 of this chapter. FPM
Table 1.09, in Appendix 1, shows City Light’s actual generation for past years and projected
levels for future years. Currently City Light owns seven hydroelectric projects. Expected
generation from these hydro resources is about 726 average MW in 2006.

All resources built after passage of the Federal Power Act of 1920 must be licensed by the
Federal Energy Regulatory Commission (FERC). The Federal Power Act empowered FERC to
issue licenses for the construction, operation and maintenance of dams, reservoirs, power houses,
water conduits, and transmission lines on streams or other bodies of water over which Congress
has jurisdiction to regulate commerce or on any public lands of the United States. Cedar Falls,
built in 1905, is the only hydro project owned by City Light that is not licensed by FERC.

The following paragraphs describe the Department’s owned resources.

3.3.2 Boundary

The Boundary Project is located on the Pend Oreille River in northeastern Washington near the
Canadian and Idaho borders, approximately 250 miles from Seattle. The plant was placed in
service in 1967. It has a one-hour peak capability of 1,055 MW and expected energy output of
3.9 million MWh under expected water conditions. The Boundary Project is operated under a
Federal Energy Regulatory Commission (“FERC”) license which expires on October 1, 2011.
The Department plans to apply for renewal of its Boundary license. The most recent FERC-
mandated independent safety inspection in August 2000 concluded that the dam facilities were in
good condition.

The Boundary Project’s FERC license requires that up to 48 MW of the Boundary Project’s
capacity be assigned, at cost, to Public Utility District No. 1 of Pend Oreille County (Pend
Oreille PUD). The energy delivered to the Pend Oreille PUD equals the PUD’s average load
factor multiplied by the capacity assigned. Due to Pend Oreille PUD’s increasing loads and
other contractual requirements, the amount of Boundary Project power assigned to Pend Oreille
PUD increased to the maximum allowable associated with 48 MW of capacity in August 2005.

3.3.3 Skagit

Ross, Diablo, and Gorge Projects are located on the Skagit River. These projects taken together
produce 2.3 million MWH under projected water conditions. These three projects are operated
as a single system. Ross Dam is a major water storage reservoir. Water released from Ross Dam
flows through the Diablo and Gorge projects, located downstream from Ross Dam. The Federal
Energy Regulatory Commission approved the Department’s application to relicense the Skagit
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projects in 1995. The first license for these projects was issued in 1927. The conditions for the
new license include some restrictions on the streamflows to protect fish populations as well as
mitigation measures to ensure the preservation of wildlife habitat and historical sites and the
maintenance of recreation facilities. These measures are known collectively as the Skagit
Mitigation package. They are the result of agreements with state and federal regulatory agencies,
native tribes, and other intervenors to deal with fisheries, wildlife, erosion control, archeology,
historic buildings, recreation and visual quality. The Skagit Mitigation package includes
expenditures over the thirty-year life of the new license. There are three kinds of expenditures in
this package: (1) operation and maintenance expenditures, (2) capital expenditures, and (3)
payments to other entities. Each of these costs is treated differently.

Operation and maintenance expenditures associated with the Skagit Mitigation package are
included in the forecast of operation and maintenance expenses. They include the operation and
maintenance of fish ponds and ladders, elk habitat improvement and monitoring, wildlife
research and education projects, vegetation management, a part-time gardener, some staff
positions for wildlife and fisheries management, and costs of maintaining historic properties in
the area.

Capital expenditures for the Skagit mitigation package are for acquisition of land for wildlife
habitat, a research center, a greenhouse, an Environmental Education Center, rehabilitation of the
Gorge Inn, and other items. The capital expenditures are included as part of the Department’s
Capital Improvement Program, described in Chapter 5, and are part of the generation CIP
expenditures shown in FPM Table 1.03 of Appendix 1.

Payments to other entities include payments to a Tribal Activity Fund, payments for a Recreation
Program Endowment Fund, contributions to upgrade and rehabilitate recreation areas (such as
trails, overlooks, and boat ramps) and payments to the U.S. Forest Service to enhance wildlife
habitat and fish populations. The largest part of these payments ends by the year 2010. These
payments are deferred and amortized over the 30-year life of the new license. The payments are
neither part of operation and maintenance expenses nor of the capital program. They are
identified as deferred costs because they are spread over a number of years. They are shown as
part of Deferred Costs in the top portion of FPM Table 1.03 in Appendix 1. They are included in
the total funds used by the Department and affect the revenue required in future years through
their impact on borrowing. The amortization of these payments, which may be seen in FPM
Table 1.04, has no impact on revenue required but affects net earnings.

3.3.4 Cedar Falls/Newhalem

Cedar Falls and Newhalem Projects together provide 10.6 average MW of expected energy.
These projects were built in 1905 and 1921 respectively. The Newhalem Project was enhanced
in 1970. There is no large expenditure in the current Capital Improvements Program (CIP) for
the enhancement of plant and equipment for these plants.
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3.3.5 South Fork of the Tolt

The South Fork of the Tolt Project came on line in November 1995. This project uses the
hydroelectric potential of the Seattle Water Department municipal water supply dam, located
northeast of Carnation. Under expected water conditions it provides 6.5 average MW.

3.3.6 Purchased Resources

City Light has several long-term contracts to buy power from other utilities. Data are presented
in Table 3.6, below, along with related discussion. In 2005, the City Light purchased
approximately 50 percent of its total available system energy from long term contracts. Several
contracts specify the amounts of energy that City Light will buy from these utilities over the
year. Others provide City Light a share of the output from resources in exchange for sharing
costs. The largest purchase is from the Bonneville Power Administration (BPA). This contract
contains provisions for buying both a fixed amount and also a share of output. Under expected
water conditions in 2007, for example, BPA will provide about 82 percent of the 7.3 million
MWH total long-term purchased power. The following sections describe existing firm power
contracts, including a brief mention of resources whose contracts have ended recently.

3.3.7 BPA

Bonneville markets power from 30 federal hydroelectric projects, from several non-federally-
owned hydroelectric and thermal projects in the Pacific Northwest and from various contractual
rights with installed peak generating capacity of 24,080 MW and a firm energy capability of
approximately 8,500 average MW (the “Federal System”). These projects are built and operated
by the United States Bureau of Reclamation (the “Bureau”) and the United States Army Corps of
Engineers (the “Corps”) and are located primarily in the Columbia River basin. The Federal
System currently produces approximately 45 percent of the region’s energy requirements.
Bonneville’s transmission system includes over 15,000 circuit miles of transmission lines,
provides about 75 percent of the Pacific Northwest’s high-voltage bulk transmission capacity and
serves as the main power grid for the Pacific Northwest. Its service area covers over 300,000
square miles and has a population of about ten million. Bonneville sells electric power at cost-
based wholesale rates to about 130 utility and governmental customers in the Pacific Northwest.
Bonneville also sells power directly to three industrial customers in the region. Bonneville is
required by law to give preference to government-owned utilities and to residential customers in
the Northwest region in its wholesale power sales.

A Block and Slice Power Sales Agreement with Bonneville provides for purchases of power by
City Light over the ten-year period beginning October 1, 2001. Under the contract, power is
delivered in two forms: a shaped block (the “Block™) and a Slice. Through the Block product,
power is delivered to the Department in stipulated monthly amounts. The original contract
provided for delivery of 163.8 average MW annually as a Block for the period from October 1,
2001, through September 30, 2006, and 278.2 average MW from October 1, 2006, through
September 30, 2011. The amount of Block power available to the Department has been reduced
by 41 average MW since the inception of the contract, pursuant to agreements with Bonneville
through which Bonneville purchases energy savings realized by the Department’s conservation
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programs. The Department’s entitlement to Block power is reduced by the amount of savings
purchased. Through December 31, 2005, the Department had received nearly 44.2 million in
payments from Bonneville for conservation savings and expects to receive an additional $4
million in 2006.

Under the Slice product, the Department receives a fixed 4.6676 percent of the actual output of
the Federal System and pays the same percentage of the actual costs of the system. Payments for
the Slice product are subject to an annual true-up adjustment to reflect actual costs. Power
available under the Slice product varies with water conditions, federal generating capabilities and
fish and wildlife restoration requirements. Under the most recent estimates of the capability of
the Federal System, energy available to the Department through the Slice product is expected to
average 443 average MW over all water conditions. Under critical water conditions, the Slice
product provides 334 average MW of energy. The revenue requirement forecast assumes water
conditions that would be exceeded 65% the time, and this results in a Slice product forecast of
422 average MW in 2007 and 419 average MW in 2008.

3.3.8 BPA CRACs and Slice True-Up

Bonneville’s Record of Decision established fees and charges for the first five years of the
contract effective October 1, 2001. Bonneville provided several rate options. One option for
Block was constant monthly values for each of the first five years, and another option was lower
constant monthly values for the first three years, then higher rates in the next two years. Yet
other options were offered. City Light chose the three year/two year Block option.

Bonneville’s Record of Decision also included a Cost Recovery Adjustment Clause (“CRAC”)
which authorized Bonneville to increase its power rates under three conditions in the first five
years of the contract. First, a Load-Based CRAC adjustment is authorized to cover the
additional cost of purchasing power in the wholesale market to serve increases in demand from
Bonneville customers that cannot be accommodated by the Federal System. Second, a
Financial-Based CRAC can be imposed if higher than expected market prices cause Bonneville’s
accumulated net revenues to fall below a threshold level. Finally, a Safety-Net CRAC is
authorized in any year in which Bonneville projects that there is a less than 50 percent
probability that it will be able to pay all of its financial obligations, including its debt service
payments to the U.S. Treasury. The Load-Based CRAC applies to both the Block and the Slice
products and is adjusted at six-month intervals; the Financial-Based CRAC and the Safety-Net
CRAC apply only to Block purchases.

The second five years of the ten-year contract begin October 1, 2006. Bonneville has proposed
rates for the first few years of this second five-year block and they also have proposed
simplifying the cost recovery adjustment mechanism so that only one CRAC will apply. Final
decisions on base rates and initial CRACs to be applied to those base rates are expected in the
summer of 2006.
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Table 3.2 shows the CRAC adjustments that have been applied by Bonneville since September
30, 2001 and as established through September 2006. The table also indicates the CRACs
currently proposed by BPA for the next three years. No CRACSs are currently proposed. The
CRAC:s starting in October 2006, though, apply to revised contract rates. Note that these
adjustments are not cumulative. At the effective date for an adjustment, the percentage is
applied to the basic rate.

Table 3.2
BONNEVILLE CRAC ADJUSTMENTS
Effective Block Slice
Date Load-Based | Financial- Safety Net Total Load-Based
Based
Oct.1, 2001 46.00% 46.00% 46.37%
Apr. 1, 2002 39.08% 39.08% 40.03%
Oct.1, 2002 31.88% 10.97% 42.85% 32.35%
Apr.1, 2003 38.53% 10.97% 49.50% 39.51%
Oct.1, 2003 21.29% 12.28% 10.09% 43.66% 21.55%
Apr.1, 2004 24.63% 12.28% 10.09% 47.00% 25.12%
Oct.1, 2004 21.66% 11.16% 0% 32.82% 21.93%
Apr.1, 2005 25.77% 11.16% 0% 36.93% 26.31%
Oct.1, 2005 24.40% 4.41% 1.75% 30.56% 24.62%
Apr.1, 2006 28.51% 0.45% 1.75% 30.71% 29.07%
Current Proposals by Bonneville
Oct. 1, 2006 0% 0%
Apr. 1, 2007 0% 0%
Oct.1, 2007 0% 0%
Apr.1, 2008 0% 0%
Oct.1, 2008 0% 0%
Apr.1, 2009 0% 0%

The top portion of Table 3.3 presents data for Block on the rates in year 5 of the contract. The
middle portion of Table 3.3 presents the rates currently proposed for year 6 of the contract. The
left three columns indicate the base rates as stipulated, or proposed to be stipulated, in contract
language. The last three columns indicate the rates after the CRACs are applied. The bottom
portion of the table indicates the percentage change in prices between years 5 and 6. The shaded
area in the bottom portion indicates the rates that have increased over year 5. As can be seen,
Demand Charges ($/MW/month) are expected to decrease significantly, particularly when
considering the rates with CRACSs applied. Energy rates will be higher than the base rates for the
first five years of the contract except during August heavy load hours. They will also be higher
than rates for the first five years with CRACs applied during most months of the year except
June-September, and also during November light load hours, when they are expected to be
lower. In addition to paying rates that included the CRAC adjustments, the Department also
makes or receives a Slice true-up payment to reconcile the difference between actual Slice costs
and the estimates on which the Slice Load-Based CRAC were based. The Department paid
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$10.4 million in 2003, received a Slice true-up credit of $6.4 million in 2004, paid $2.1 million
in 2005 and $8.9 million in 2006 and expects to make a true-up payment of $11.5 million in
2007.
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Table 3.3

Bonneville Block Rates

Bonneville Block Rates

Block Original Contract Rates Block Rates Per CRAC %
Demd. Chg | HLH Engy | LLH Engy | Demd. Chg | HLH Engy | LLH Engy
$/MW/Mth $/MWH $/MWH $/MW/Mth $/MWH $/MWH
Rates in Year 5 of the Bonneville Contract
Oct-05 1,760.00 17.17 12.66 2,297.86 22.42 16.53
Nov-05 2,310.00 22.90 18.61 3,015.94 29.90 24.30
Dec-05 2,310.00 23.55 18.27 3,015.94 30.75 23.85
Jan-06 2,160.00 21.02 15.04 2,820.10 27.44 19.64
Feb-06 2,030.00 19.48 14.04 2,650.37 25.43 18.33
Mar-06 1,820.00 17.73 12.32 2,376.19 23.15 16.08
Apr-06 1,450.00 14.08 9.72 1,895.30 18.40 12.71
May-06 1,430.00 14.03 8.15 1,869.15 18.34 10.65
Jun-06 1,790.00 17.35 9.70 2,339.71 22.68 12.68
Jul-06 2,310.00 22.53 15.59 3,019.40 29.45 20.38
Aug-06 2,310.00 32.92 18.83 3,019.40 43.03 24.61
Sep-06 2,310.00 23.84 19.69 3,019.40 31.16 25.74
[~ |~ Rates Proposed in Year 6 of the Bonneviile Contract |
Oct-06 1,940.00 29.70 21.76 1,940.00 29.70 21.76
Nov-06 2,080.00 31.68 23.10 2,080.00 31.68 23.10
Dec-06 2,180.00 33.06 24.26 2,180.00 33.06 24.26
Jan-07 1,850.00 28.07 20.30 1,850.00 28.07 20.30
Feb-07 1,880.00 28.66 20.50 1,880.00 28.66 20.50
Mar-07 1,750.00 26.59 19.49 1,750.00 26.59 19.49
Apr-07 1,640.00 24.95 17.93 1,640.00 24.95 17.93
May-07 1,360.00 20.84 14.41 1,360.00 20.84 14.41
Jun-07 1,250.00 18.87 10.02 1,250.00 18.87 10.02
Jul-07 1,530.00 23.24 17.01 1,530.00 23.24 17.01
Aug-07 1,790.00 27.21 20.18 1,790.00 27.21 20.18
Sep-07 1,850.00 28.09 22.54 1,850.00 28.09 22.54
T T T T T T T T Percent Change in Block Rates |
Oct 10% 73% 72% -16% 32% 32%
Nov -10% 38% 24% -31% 6% -5%
Dec -6% 40% 33% -28% 8% 2%
Jan -14% 34% 35% -34% 2% 3%
Feb -7% 47% 46% -29% 13% 12%
Mar -4% 50% 58% -26% 15% 21%
Apr 13% 77% 84% -13% 36% 41%
May -5% 49% 77% -27% 14% 35%
Jun -30% 9% 3% -47% -17% -21%
Jul -34% 3% 9% -49% -21% -17%
Aug -23% -17% 7% -41% -37% -18%
Sep -20% 18% 14% -39% -10% -12%
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3.3.9 BPA Block Purchases

The Department and BPA negotiated revisions to the delivery of Block power in light of several
amendments to the initial contract that called for the Department to provide conservation
savings. Additionally, starting in October 2006, the second five-year block of the ten-year
contract, the Department contracted to increase its take of BPA Block power. Table 3.4 indicates
the monthly average MW of Block power through the year 2007. The amounts each month are
currently contracted to stay the same as in 2007 through September 2011.

Table 3.4
BPA Block Power by Month

2001 2002 2003 2004 2005 2006 2007
Jan 221 215 222 222 222 380
Feb 218 211 218 218 173 373
Mar 218 212 219 219 219 372
Apr 162 109 132 139 133 186
May 67 0 0 0 0 0
Jun 0 0 0 0 0 0
Jul 42 51 0 0 0 126
Aug 95 111 0 0 114 238
Sep 177 208 215 119 215 360
Oct 219 212 219 219 154 344 344
Nov 218 211 218 218 124 371 371
Dec 216 209 216 216 127 371 371

3.3.10 BPA Retail Rate Pass-Through

The Department is required by ordinance to pass through to its customers the effect of changes
in Bonneville’s rates under the various CRAC provisions without any further action by the
Council. The Department has passed through the impact of the Bonneville CRAC adjustments
and Slice true-ups by adjusting energy charges for all rate classes as shown in Table 3.5.

Table 3.5
ENERGY CHARGE ADJUSTMENTS
Non-Low Income Rate Classes Low-Income Rate Classes
Cumulative Cumulative
Adjustment Adjustment Adjustment Adjustment
Effective Date ($/kWh) ($/kWh) ($/kWh) ($/kWh)
Oct. 1, 2001 0.0055 0.0055 0.0028 0.0028
Apr. 1, 2002 -0.0007 0.0048 -0.0004 0.0024
Apr. 1, 2003 0.0008 0.0056 0.0004 0.0028
Apr 1, 2004 -0.0013 0.0043 -0.0006 0.0022
Nov. 1, 2005 -0.0014 0.0029 -0.0007 0.0015

The unit cost of power purchased under the Bonneville contract in 2005 was $30.36 per MWh
based on expenses booked that year and MWH received. City Light’s financial projections are
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based on Bonneville’s forecast of CRAC adjustments and Slice true-up payments through
September 30, 2011. Fees and charges for power from October 1, 2006 through September 30,
2009 are estimates provided by Bonneville. City Light’s financial forecast assumes that the rates
in effect in the twelve months ending September 30, 2009 will continue through the remainder of
the contract period.

President Bush’s proposed energy bill calls for Bonneville to repatriate to the federal treasury
surplus revenues exceeding $500 million beyond what Bonneville projects in any given year. If
this were to become law, the purchased power costs for City Light and most other Northwest
utilities could increase. The current contracts between BPA and its major customers prohibit
faster repayments of BPA’s obligations to the federal treasury than are necessary. For that
reason and because of the extra non-cost-driven price increases that the new provision could
entail, it is likely that provision of the bill will face substantial opposition in Congress from both
Northwest Democrats and Republicans and, therefore, it’s unlikely to be passed. If and when
such a change in Bonneville’s financial requirements for payments to the federal treasury is
mandated, though, City Light will prepare revised financial forecasts to determine the effect on
revenue requirements.

3.3.11 Energy Northwest (formerly known as the Washington Public Power Supply
System)

The City is a member of Energy Northwest, a municipal corporation and joint operating agency
organized under State law that currently has, as members, ten public utility districts and three
municipalities, all located within the State. Energy Northwest has the authority to acquire,
construct and operate plants, works and facilities for the generation and transmission of electric
power.

Energy Northwest was engaged in the construction of five nuclear generating facilities termed
Projects Nos. 1, 2, 3, 4, and 5. Project No. 2 was placed in commercial operation in December
1984 and the other projects were terminated in the 1980s. Pursuant to separate Net Billing
Agreements with Energy Northwest and Bonneville with respect to Projects Nos. 1, 2 and 3 (the
“Net Billed Projects”), City Light is obligated unconditionally to pay Energy Northwest its pro
rata share of the total annual costs of the Net Billed Projects, including debt service. The
payments are required to be made whether or not construction is completed, delayed or
terminated, or operation is suspended or curtailed. Payment by Bonneville to Energy Northwest
of City Light’s share of its total annual cost of the Net Billed Projects is made by a crediting
arrangement whereby Bonneville credits against amounts that the Department owes Bonneville
for the purchase of wholesale power an amount equal to City Light’s share of the total annual
cost of each Net Billed Project. The agreements provide that the Department purchase from
Energy Northwest and, in turn, assign to Bonneville a maximum of 8.605 percent, 7.193 percent
and 5.043 percent of the capability of Projects Nos. 1 and 2 and Energy Northwest’s ownership
share of Project No. 3, respectively. The Department’s respective shares may be increased by
not more than 25 percent upon default of other public agency participants. To the extent that
City Light’s share of such annual costs exceeds amounts owed by City Light to Bonneville,
Bonneville is obligated, after certain assignment procedures, to pay the amount of such excess to
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City Light as reimbursement or to Energy Northwest directly, but only from funds legally
available for that purpose.

Under the Net Billing Agreements, City Light’s electric revenue requirements are not affected
directly by the cost of completion or termination of the Net Billed Projects, but such revenue
requirements may be affected to the extent that the costs of such Projects result in increases in
the wholesale power rates of Bonneville. Bonneville has been paying principal of and interest on
Project No. 1 revenue bonds since 1980, on Project No. 2 revenue bonds since 1977 and on
Project No. 3 revenue bonds since 1982. Bonneville, in projecting its revenue requirements and
wholesale power rates, includes in its estimate the principal of and interest on those bonds issued
and projected to be issued and Energy Northwest’s operating expenses for the Net Billed
Projects.

3.3.12 Klamath Falls Cogeneration Project

An agreement with the City of Klamath Falls, Oregon, provided for the purchase of energy and
capacity from the Klamath Falls Cogeneration Project, a 500 MW cogeneration facility
consisting of a combined-cycle combustion turbine fueled by natural gas. Under the contract,
City Light received 100 MW of capacity from the project for the five-year period ending in July
2006. Energy generation in 2005 was 581,497 MWH. City Light decided not to renew this
contract because anticipated costs of output exceeded expected market prices.

3.3.13 Lucky Peak Hydroelectric Power Plant

The Lucky Peak Hydroelectric Power Plant (“Lucky Peak™) was developed by three Idaho
irrigation districts and one Oregon irrigation district (the “Districts”) and began operation in
1988. Its FERC license expires in 2030. The plant is located on the Boise River, approximately
ten miles southeast of Boise, Idaho, at the Lucky Peak Dam and Reservoir. The rated capability
of the three generating units at the plant is 101 MW. Energy generation in 2005 was 226,256
MWh. Since generation is concentrated in the summer months, the plant has no peak capability
during City Light’s winter peak period.

City Light entered into a 50-year power purchase and sales contract in 1984 with the Districts
under which City Light will purchase all energy generated by Lucky Peak, in exchange for
payment of costs associated with the plant and royalty payments to the Districts. City Light also
signed a transmission services agreement with Idaho Power Company (“Idaho Power”) to
provide for transmission of power from Lucky Peak to a point of interconnection with the
Bonneville system. City Light sold the actual net output of the plant for the period from May 1,
2003, through November 30, 2004, at a price equal to the Dow Jones Mid-Columbia Index plus
$3.25 per MWh. City Light sold the actual output of the plant in calendar year 2005 at a price of
$52 per MWh. City Light has sold the output again, in calendar year 2006, at a contract price of
$78.75/MWh multiplied by stipulated monthly factors for high load and low load hours (ranging
from a low of 0.66 for low load hours in April and May to a high of 1.34 for high load hours in
August).
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3.3.14 Priest Rapids Hydroelectric Plant

Under an agreement effective through October 31, 2005, City Light received eight percent of the
output of the Priest Rapids Development (“Priest Rapids”). The Priest Rapids Development and
the Wanapum Development jointly constitute the Priest Rapids Project, which is owned and
operated by Public Utility District No. 2 of Grant County (“Grant PUD”). The Priest Rapids
Development has an installed capacity of 855 MW. City Light’s share of Priest Rapids
generation in 2005 was 288,329 MWh.

In 1995, certain Idaho and Snake River cooperatives filed a complaint with FERC in which they
sought entitlement to allocation of power from Priest Rapids under any new license. FERC ruled
in 1998 that, effective November 1, 2005, 70 percent of the Priest Rapids Project’s output would
be allocated to the licensee. The remaining 30 percent would be available for sale pursuant to
market-based principles to entities in the broad seven-state Northwest region, while giving
certain Idaho cooperatives and the current power purchasers a priority right. FERC also issued
an order permitting any entity, not just Grant PUD or another Washington public agency, to file a
competing license application. These proceedings could impact the amount of power generated
at Priest Rapids and City Light’s allocation of power upon expiration of the current contract.

Contracts executed in 2002 with Grant PUD provide for the allocation of power and other
benefits from the Priest Rapids and Wanapum Developments to City Light over the period from
November 1, 2005, through the end of the new FERC license period. Under the terms of these
contracts the Department will purchase a share of the firm and nonfirm power allocated to Grant
PUD that is surplus to the PUD’s load requirements. The amount of power available from Grant
PUD under these provisions will decline over time as the PUD’s load, and therefore its claim on
the 70 percent of the Priest Rapids Project’s output that is allocable to the PUD, increases. In
addition, the Department has contracted, for the first four years of the contract, to receive a share
of the net revenue derived from the sale of the 30 percent share of the Priest Rapids Project’s
output that will be sold pursuant to market-based principles in the seven-state Northwest region
under the terms of the FERC order. The Yakama Indian Nation has filed a petition with FERC
challenging the new contracts signed by Grant PUD.

3.3.15 Grand Coulee Project Hydroelectric Authority

City Light, in conjunction with the City of Tacoma, Department of Public Utilities, Light
Division (“Tacoma”), has power purchase agreements with three Columbia Basin irrigation
districts for acquisition of power from five hydroelectric plants under 40-year contracts expiring
between 2022 and 2027. These plants, which utilize water released during the irrigation season,
are located along irrigation canals in eastern Washington and have a total installed capacity of
approximately 129 MW. The plants generate power only in the summer and thus have no winter
peak capability. Plant output and costs are shared equally between the Department and Tacoma.
In 2005 the Department received 249,331 MWh from the project.
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3.3.16 Box Canyon Hydroelectric Plant

City Light previously purchased power from the Box Canyon Hydroelectric Plant (“Box
Canyon”) owned and operated by Pend Oreille PUD. The purchase contract, which ended
August 1, 2005, provided the Department with 25,874 MWh of energy in 2005.

3.3.17 West Point Sewage Treatment Plant Cogeneration

In 1982, the Municipality of Metropolitan Seattle (“Metro,” now part of King County) and City
Light executed a contract for the purchase of the electrical output of a cogeneration plant located
at the County’s West Point Sewage Treatment Plant. The Department’s contract with Metro
expired on August 31, 2003 but was extended through September 2004. Metro plans to supply
most of its own requirements for electrical power from an expanded cogeneration plant at West
Point and is likely to rely on the Department only for back-up power. The Department does not
now expect to purchase power from Metro.

3.3.18 Wind Generation

An October 2001 agreement with PacifiCorp Power Marketing provides for City Light’s
purchase of wind-generated energy and associated environmental attributes (such as offsets or
emission reduction credits) primarily from the State Line Wind Project in eastern Washington
and Oregon. Under the agreement, City Light received wind energy with an aggregate maximum
delivery rate of 50 MW per hour from January 1, 2002, through July 31, 2002, 100 MW per hour
from August 1, 2002, through December 31, 2003, and 125 MW per hour from January 1, 2004,
through June 30, 2004. From July 1, 2004, through the end of the contract on December 31,
2021, the maximum delivery rate will be 175 MW per hour. Energy delivered under the contract
IS expected to average about 30 percent of the maximum delivery rate. In 2001, City Light also
entered into a ten-year agreement to purchase integration and exchange services from PacifiCorp
and a 20-year agreement to sell integration and exchange services to PPM. City Light has not
sold these services to PPM since the beginning of 2004, however, because all of the State Line
Wind Project’s energy is now fully subscribed to purchasers under long-term contracts, including
Seattle, so there is no longer any surplus available for PPM. City Light received 327,302 MWh
of wind energy under the PPM contract in 2005.

3.3.19 High Ross

In 1984, an agreement was reached between the Province of British Columbia and the City under
which British Columbia provides City Light with power equivalent to that which would have
resulted from an addition to the height of Ross Dam. The agreement was ratified through a
treaty between Canada and the United States in the same year. The power is to be received for
80 years, and delivery of power began in 1986. City Light will make annual payments to British
Columbia of $21.8 million through 2020, which represents the estimated debt service costs City
Light would have incurred had the addition been constructed. City Light also pays British
Columbia the equivalent of the Operation and Maintenance cost which would have been incurred
if the High Ross project had been built. The payments are charged to expense over a period of
50 years through 2035. City Light received 310,246 MWh of energy from this resource in 2005.
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3.3.20 Seasonal Exchange

In addition to its firm power contracts, City Light has seasonal exchange contracts with other
utilities, which allow both utilities to shape resources to fit the demand from their customers.
These exchanges usually involve exchanges of energy, and sometimes cash payments, resulting
in costs or revenue to City Light. Other utilities (especially those in the Southwest) have load or
resource profiles that are the reverse of City Light’s, with peak demand in the summer.
Therefore exchange agreements with these utilities are beneficial to both parties. At this time,
only one seasonal exchange agreement, with the Northern California Power Authority (effective
1995), remains in effect.

3.3.21 Selected Power Summary Data

Power Data

Table 3.6 presents projections through 2016 of expected energy from the various energy sources.
Figure 3.5 presents a summary of those data with twenty years of history. The historical data
indicate there is significant volatility in the output of City Light hydro facilities. Several of the
long-term contracts also subject City Light to take shares of output from hydro facilities whose
energy output fluctuates with water availability. Section 3.4 of this chapter presents information
on revenue from wholesale power sales. As indicated above, a critical aspect of that revenue is
that it is variable for several reasons, one of which is variability in output from hydro resources.
Data regarding the future in Table 3.6 and Figure 3.5 represent expected values of output within
a range of uncertainty.

Energy Cost Data

Net Income perspective. Cost data are tracked several ways by City Light for different purposes.
One important way is to track production expenses as they affect Net Income. Net Income
power costs include the costs of energy (generation), purchased power, other power-related costs
such as control and dispatch, transmission (provided by City Light), and wheeling (transmission
services provided by others, primarily Bonneville). Table 3.7 presents the costs of energy from
this perspective for 2006 through 2016. This table also includes Seattle retail load and Total
System requirements that include Seattle retail load, losses, energy sold on wholesale markets
and other energy obligations as indicated in Table 3.1. Figure 3.6 illustrates twenty years of
history and the forecast of power costs associated with the data in Table 3.7. This figure shows
clearly the unprecedented explosion of costs for wholesale purchases in 2001 associated with the
meltdown of the wholesale power market in California. Figure 3.7 illustrates net power costs as
the residual of total power costs less offsetting revenue. Please note that the 2005 data in these
figures have not yet been updated to reflect actual history.

Figure 3.8 illustrates the net unit cost per MWH for power. Two versions of net cost per MWh
are presented. One version is derived by dividing the total net cost of power illustrated in Figure
3.8 by Seattle retail sales. Retail sales, though a large fraction of the total amount of power
handled in order to serve the retail sales, are still only a fraction of all MWh disposed (retail
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sales, losses, wholesale market sales, serving other obligations). Hence the other version of cost
per MWh is derived by dividing total net costs by total MWh. This version of net cost per MWh
is, of course, lower than the unit net cost based only on service to retail sales. In both cases it is
clear there was a surge in unit costs of energy from the wholesale market when the California
experiment in wholesale energy markets failed.

Figure 3.9 combines data from the sources for Tables 3.7 and 3.2 to illustrate the cost per MWh
of power from different elements. The net total cost of power in Figure 3.9 is the same as net
total cost in Figure 3.8. The average cost of production equals production cost from Table 3.7
divided by SCL generation output from Table 3.2. Average spot market cost equals cost of
wholesale purchases divided by purchases from the wholesale market. Average cost of long
term contracts and seasonal exchange equal their cost divided by MWh from those sources. The
other cost or offsetting revenue per MWh elements equal their costs in Table 3.7 divided by total
MWh. Figure 3.9 truncates the ordinate to emphasize the costs in the deeper history and in the
forecast. It is obvious that the cost per MWh for spot market purchases surged off the figure in
2000 and 2001.
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2005
Total Energy Available

SCL Generation, Total 5,590,693
Total Purchases 8,254,449
Long Term Contracts 6,576,033

BPA 4,436,285

Box Canyon 25,875

Priest Rapids 268,649

High Ross Contract 310,634

Grand Coulee 249,722

Lucky Peak 227,133

Klamath Falls 616,898

Wind Resources 332,141

Seasonal Exchange Received 108,696

Purchases from Power Market 1,678,416

2006

6,362,486

7,626,944
6,712,387
5,153,629
0

19,226
310,246
234,322
275,083
231,160
380,025
108,696

914,557

2007

6,400,479

8,203,530
7,323,812
5,973,189
0

19,805
310,246
240,018
288,857

0

382,985
108,712

879,718

Table 3.6
Sources of Power, MWh

2008

6,372,575

8,209,943
7,310,198
5,958,678
0

19,805
310,246
240,018
288,970
0

383,771
108,710

899,745

2009

6,352,376

8,306,796
7,411,159
5,938,495
0

144,215
308,747
240,018
288,857
0

382,895
107,932

895,637

2010

6,354,029

8,442,540
7,531,722
5,937,262
0

265,234
309,318
240,018
288,857
0

383,075
107,958

910,818

2011 2012

2013

2014

6,351,982 6,359,189 6,351,631 6,352,929

8,446,252 8,474,542 8,454,220 8,455,878
7,528,014 7,542,946 7,521,267 7,518,579
5,937,311 5,952,196 5,939,391 5,939,336

0 0
261,904 260,038
309,138 309,768
240,018 240,018
288,857 288,970

0 0
382,828 383,880
107,958 108,076

918,238 931,596

Note: 2005 data in this table have not yet been updated to reflect actual history, all values displayed are forecast values

0
254,259
308,317
240,018
288,857

0
383,012
107,413

932,953

Figure 3.5
Sources of Power, MWH
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0
250,994
308,437
240,018
288,857

0
383,005
107,932

937,299

2015

6,352,376

8,456,699
7,514,133
5,938,495
0

247,189
308,747
240,018
288,857
0

382,895
107,932

942,566

2016

13,845,142 13,989,430 14,604,009 14,582,518 14,659,172 14,796,569 14,798,234 14,833,731 14,805,851 14,808,807 14,809,075 14,863,952

6,371,628

8,492,324
7,534,202
5,956,653
0

245,285
310,947
240,018
288,970
0

383,593
108,736

958,122



Table 3.7
Energy Cost Data

[ 2005 2006 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 |
Wholesale Market Purchases @ 62,143 54,897 53,156 48,655 35,344 38,087 39,953 42,287 46,290 52,209 52,268 59,963
Other Power Related Purchases:
Bonneville @ 131,540 161,548 184,514 173,341 173,109 173,111 174,965 182,919 182,712 182,718 184,687 193,819
Box Canyon 863 0 0 0 0 0 0 0 0 0 0 0
Priest Rapids 2,589 1,551 1,629 1,629 2,293 3,803 3,748 3,709 3,630 3,567 3,513 3,473
GCPHA 3,467 3,400 4,017 4,122 4,046 4,560 4,397 4,153 4,190 4,227 4,266 4,305
CSPE 0 0 0 0 0 0 0 0 0 0 0 0
High Ross 13,374 13,281 13,391 13,399 13,398 13,405 13,413 13,421 13,429 13,437 13,446 13,454
Lucky Peak © 15,189 15,570 16,863 11,114 5,177 5,258 5,350 5,480 5,613 5,750 5,889 6,032
Metro Cogeneration 100 0 0 0 0 0 0 0 0 0 0 0
Klamath Falls 46,584 23,915 0 0 0 0 0 0 0 0 0 0
State Line Wind Project 17,663 14,624 15,222 15,240 14,954 14,954 14,954 15,005 14,965 14,965 14,965 15,006
Integration/Exch of Wind Resources 0 4,781 4,961 5,031 5,068 5,138 5,225 2,824 2,893 2,963 3,035 3,109
Seasonal Exchange Received 4,813 2,885 2,941 3,004 3,073 3,151 3,241 3,331 3,428 3,529 3,638 3,751
Other Services -233 534 548 563 578 -926 -1,029 -1,106 -1,222 -1,443 -1,404 -1,600
BPA Billing Credits © -2,980 -3,066 -3,044 -3,004 -3,230 -3,313 -3,407 -3,407 -3,407 -3,407 -3,407 -3,407
SUBTOTAL 232,970 239,023 241,042 224,440 218,464 219,141 220,856 226,331 226,230 226,307 228,627 237,942
Production:
Centralia ©
Hydro Projects 18,134 19,419 21,109 21,722 21,243 21,802 22,390 23,926 24,538 25,173 25,831 26,515
Other Production Costs @ 7,640 7,708 7,908 8,122 8,341 8,549 8,772 8,991 9,216 9,446 9,682 9,924
Subtotal 25,774 27,127 29,017 29,843 29,584 30,352 31,162 32,917 33,754 34,619 35,513 36,439
Transmission & Wheeling:
Transmission 4,631 5,777 5,861 5,958 6,126 6,277 6,437 6,595 6,757 6,923 7,093 7,268
Wheeling 32,372 37,867 40,859 44,365 46,574 47,758 48,939 50,131 51,349 52,596 53,874 55,182
SUBTOTAL 37,003 43,644 46,720 50,323 52,700 54,035 55,376 56,726 58,106 59,519 60,967 62,450
Total Power Supply & Trans. Expense 357,890 364,691 369,936 353,261 336,092 341,616 347,347 358,261 364,380 372,654 377,374 396,794
Minus Offsetting Power & Trans. Revenue: 195,723 223,369 264,771 224,275 158,611 165,096 168,891 166,539 180,580 202,186 195,050 219,386
Wholesale Power Sales 172,913 192,007 232,073 189,340 132,454 138,443 143,012 144,082 157,594 178,680 170,986 194,739
Other Power Sales © 21,343 29,495 29,423 29,649 21,920 22,265 21,318 17,738 18,112 18,509 18,920 19,352
Transmission Sales 1,467 1,868 3,276 5,286 4,237 4,388 4,561 4,718 4,874 4,998 5,144 5,295
Net Cost of Power 162,167 141,322 105,165 128,986 177,481 176,520 178,456 191,722 183,800 170,468 182,325 177,408
Total Energy Requirement (Mwh) “© 13,847,311 13,989,430 14,604,010 14,582,517 14,659,171 14,796,570 14,798,235 14,833,731 14,805,852 14,808,809 14,809,074 14,863,952
Seattle System Load (MWH) Y 9,703,045 9,861,410 10,042,294 10,236,300 10,345,567 10,460,494 10,527,036 10,626,442 10,653,479 10,690,615 10,724,324 10,802,962
Average Cost for Total Energy ($MWh) *? $ 1171 $ 1010 $ 720 $ 885 $ 1211 $ 1193 $ 12.06 $ 1292 $ 1241 $ 1151 $ 1231 $ 11.94
Average Cost, Seattle System ($/Mwh) ** $ 1671 $ 1433 $ 1047 $ 1260 $ 17.16 $ 1687 $ 1695 $ 18.04 $ 1725 $ 1595 $ 17.00 $ 16.42

@
@)

Purchases to compensate for low water conditions and to make up the difference between loads and resources. Excludes wheeling costs.

From 2003 through 2006 the forecast assumes the CRAC adjustments projected by Bonneville. Effective October 1, 2006, Block purchases from Bonneville will increase by 114.4 MW under the terms of the

power sales contract.

The cost of power from the Lucky Peak Project decreases in 2008 and 2009 as the bonds issued to finance construction of the Project are retired.
(a) Power-Related Purchases such as Basis, Storage & Load Factoring, Ross Overdraft contract, etc, (b) Encroachment on Box Canyon,

(c) Entitl/Supp Capacity, (d) Rocky Brook, (e) Resources for Peak Periods, (f) Interchange Received [Exludes Deferred Expenses]

Billing credits received from Bonneville for the South Fork Tolt Project.

The sale of the Centralia Steam Plant was completed in May 2000.

Includes operations and maintenance costs plus Water for Power costs

(a) Control & Dispatch, (b) Greenhouse Gas Mitigation, (c) Other Energy Costs

Includes sales to Pend Oreille PUD under Article 49 of the Boundary Project license, seasonal exchange delivered, and other energy credits.
Total retail load plus energy for wholesale sales, losses, and other energy obligations

Total retail load

Average cost of power supplied for all purposes after recognizing the net revenue or cost from wholesale power sales and purchases.

Average cost of power supplied to service area customers after recognizing the net revenue or cost from wholesale power sales and purchases.

Note: 2005 data in this table have not yet been updated to reflect actual history, all values displayed are forecast values

36



Figure 3.6

Costs of Power Supply ($1,000)
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Figure 3.7

Net Power Costs, $1,000
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Figure 3.8

Net Power Cost for All Power and for Seattle Retail Load, $/MWh
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Figure 3.9

Net Power Costs by Element, $/MWh
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Water for Power Expenses include FERC license fees, rents on property and costs of
encroachment. The amortization and Water for Power expenses are not direct production costs
and can be forecast with different assumptions than actual production costs. Thus, it is
sometimes desirable to separate actual production costs from Water for Power Expenses and
amortization expenses. The next four paragraphs describe power costs from these other
perspectives. There is a great deal of overlap with the costs described above relating to the Net
Income perspective. It is important to keep in mind that the approaches to costs are for different
purposes.

Direct generation expenses* totaled $13.5 million in 2005. They are expected to increase to
$14.3 million in 2006, $15.8 million in 2007 and $16.2 million in 2008. These increases reflect a
management decision to increase maintenance of Power Production assets by 12% over the next
two years to catch up for deferred work over last 5 years. The maintenance will prolong the life
of generation assets and reduce capital replacement costs. Planned expenditures for this
maintenance will total $1.6 million in 2007 and $2.4 million in 2008.

Amortization of relicensing environmental mitigation deferred operations and maintenance
expenses is expected to increase from $0.8 million in 2005 to $0.9 million in 2006 and $1.0
million in 2007 and $1.1 million in 2008, with continued increases in future years, reflecting
anticipated ongoing growth in expenditures for environmental mitigation programs.

In addition to generation costs mentioned above, the utility spent $4.5 million in 2005 for water
for power and hydro rents. These expenses will cost around $4.2 million in 2006, $4.3 million in
2007 and $4.4 million in 2008, as shown in Table 1.10 in Appendix 1. The expense of water for
power and rents is one of the major components of total hydro production operation and
maintenance costs. Water for power includes state license fees, federal administration fees,
encroachment, and the charges for upstream benefits determined under the Pacific Northwest
Coordinating Agreement. License fees are paid to the State of Washington and to the Federal
Energy Regulatory Commission. The State of Washington charges annual license fees for the
right to use water for power development; these fees are less than $0.1 million per year. FERC
license fees, projected to be about $0.7 million in 2006 and 2007 and $1.0 million in 2008, are
annual payments to FERC to compensate it for the costs of administration of the Federal Power
Act and its licensing activities. The administration fee charged to each project is based on the
installed horsepower of the plant in relation to the total U.S. utility horsepower, less an exempt
proportion given to municipal utilities for the energy used in utility operations and municipal
building and street lighting uses. Utilities must also pay rent to FERC; these annual rents, also
determined under the Federal Power Act, are based on the area covered by hydroelectric projects
and the U.S. Forest Service cost index for land values. They are projected to be about $1.1
million annually in 2006-2008.

The cost of encroachment reflects the delivery of energy from Boundary to Pend Oreille County
PUD No. 1 in compensation for the reduction in generating capability at its Box Canyon Project
resulting from the construction of the Boundary Project. The Department can elect to make cash

* Corresponds to the sum of FERC ranges: 535, 537, 538, 539, 541, 542, 543, 544, 545 presented in FPM table 1.10.
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payments to to Pend Oreille County PUD No. 1 in lieu of delivering energy and has been doing
so since September 2005, due to transmission constraints. A new transmission substation is
currently under construction with planned completion in 2009, at which time the Department will
revert to delivering energy to Pend Oreille County PUD No. 1. Encroachment totaled $1.6
million in 2005. It is projected to cost $1.3 million in 2007 and $1.1 million in 2008.

Finally, the expense of upstream storage is determined under the terms of the Pacific Northwest
Coordination Agreement. Under this agreement, any party having energy available for storage
has the right to store such energy in the reservoir of any other party. The latter must accept such
energy for storage to the extent that it has capacity in its reservoirs. The utilities operating
downstream projects are then entitled to storage releases from these upstream reservoirs and
must make annual payments to the owners of those reservoirs. These payments reflect the costs
of operating and maintaining the reservoirs and of managing the stream flows available for
energy production. City Light makes annual upstream storage payments to the Bonneville Power
Administration (BPA), Montana Power, Washington Water Power and Pend Oreille County
Public Utility District No. 1. Upstream storage payments are projected to be around $1.2 million
a year in 2007-2008.

Cash flow perspective. The power expenses discussed above include non-cash items that are
included in net income but do not affect revenue requirements in the current rate period. These
expenses include amortization of relicensing environmental mitigation deferred operations and
maintenance expenses, which is included in hydro production expense, and seasonal exchange
expenses that are settled with energy rather than cash, which are included in long-term purchased
power expense. Since they are noncash transactions, these expenses are excluded from forecasts
of cash flows.

3.3.22 Transmission and Wheeling Costs

Net Income perspective. As for production costs, City Light tracks costs for transmission and
wheeling in several ways. One important way is from the perspective of expenses that determine
Net Income. These initial paragraphs present some background on transmission and wheeling
and then present information related to tracking expenses for computing Net Income.

The Department operates 656 miles of transmission facilities. The principal transmission line
transmits power from the Skagit Project to City Light’s service area. In 1994, City Light signed
an agreement with Bonneville for the acquisition of ownership rights to 160 MW of transmission
capability over Bonneville’s share of the Third AC Intertie, which connects the Northwest region
with California and the Southwest. The benefits from this investment include avoidance of
Bonneville’s transmission charges associated with power sales and exchanges over the Intertie
and the ability to enter into long-term firm contracts with out-of-state utilities. In 2001, the
Oregon Department of Revenue initiated litigation to collect an ad valorum property tax on City
Light’s capacity, and that of another Northwest municipal utility, in the Third AC Intertie. The
assessment was for tax year 2001 with retroactive assessment for years 1997 through 2000. In
2004, the Oregon Tax Court issued a ruling in favor of the cities, eliminating the assessments
prior to 2001. In June 2004, as a result of changes to the Oregon Tax Code, the Oregon
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Department of Revenue made a new assessment for 1999 and 2000. Prior to trial, in 2005, the
Oregon Legislature resolved the matter by enacting legislation that retroactively exempts
tangible property and intangible property rights in or related to the Pacific Northwest AC Intertie
from ad valorum property taxation.

In compliance with FERC Order 2000, Bonneville and nine investor-owned utilities in the
Northwest have made various filings with FERC regarding the formation of a regional
transmission organization (RTO) that would assume operational responsibility for transmission
facilities in the Pacific Northwest under standardized, FERC-jurisdictional tariffs. However, the
effort to implement the proposed RTO lost momentum when it became apparent that the
framework proposed for the RTO was incompatible with FERC’s proposed Standard Market
Design. Discussions continue on the principles that will guide future efforts to form an RTO.
City Light has joined other regional utilities in questioning whether the framework embodied in
the originally proposed RTO was appropriate for the Northwest region. A new organization, the
“ColumbiaGrid Corporation” has been formed for the purpose of analysis and planning in the
areas of transmission reliability, expansion and planning, and market oversight. City Light is
part of this organization, along with other regional Control Area Operators. The annual O&M
costs associated with ColumbiaGrid are covered by the member organizations. City Light’s
share is currently 9.8% of the total. As new members join, the percentage share will change.
The proposed Purchased Power Budget for 2007-2008 includes about $300,000 each year for
planning and development work with ColumbiaGrid.

Contracts with Bonneville provide City Light with 1,962 MW of transmission capacity under a
point-to-point (“PTP”) transmission service agreement for the period from October 1, 2001,
through July 31, 2025. City Light’s rights under the current PTP contract are expected to be
preserved under any new regional transmission organization. However, the rates that will apply
to services provided by an RTO are uncertain, as are the rates likely to be charged by Bonneville
if the formation of a regional system is delayed or abandoned. In its financial forecast, the
Department has assumed that wheeling costs will increase by 17 percent from 2006 through
2008, growing from $37.9 million in 2006 to $44.4 million in 2008.

Power supplied to the Department by B.C. Hydro under the High Ross Agreement is transmitted
over Bonneville’s lines under a second PTP transmission service agreement extending through
2005. The High Ross PTP contract was assigned to B.C. Hydro in 1999. B.C. Hydro in turn
reassigned the contract to the British Columbia Power Exchange Corporation (“Powerex”).
Under the assignment agreement provisions, Powerex pays Bonneville directly for all costs
associated with the PTP contract. The previous BPA point-to-point agreement for transmission
service necessary for the delivery of High Ross replacement power was extended for a 30-year
period just prior to the end of 2005. SCL and Powerex also signed an Assignment Agreement
for the same term. The Department also transmits power under contracts with Idaho Power for
the transmission of power from the Lucky Peak Project, with Avista for transmission of power
from the Grand Coulee Project Hydroelectric Authority; with Puget Sound Energy for
transmission of power from the Cedar Falls and South Fork Tolt Projects, and with other utilities.
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Additional purchases of transmission on a nonfirm basis may be required in the future in order to
accommodate the Department’s sales of power in the wholesale market during the spring runoff.

Removing the effects of inflation, direct transmission expenses excluding payments to BPA for
the Third AC Intertie have moved up and down within a range of $3.0-$5.0 million since the
mid-1990's, trending closer to the upper end of that range during the past few years. These
expenses are projected to total $5.1 million in 2006 with gradual upward movement to $5.4
million by 2008. Intertie O&M expenses paid to BPA totaled $0.3 million in 2005. They are
projected to be about $0.5 million in 2006, then decrease to about $0.4 million in 2007 and 2008.

Cash Flow perspective. Transmission expenses include amortization expenses for a Puget
Intertie and the Stillwater Substation. These amortization expenses are noncash expenses;
therefore they affect the net income bottom line but not the revenue requirement. They are
excluded from calculations of projected cash flows. Annual amortization expenses for the Puget
Intertie and Stillwater Substation are relatively small, at $42,628 and $99,286, respectively.
Amortization of the Puget Intertie ends in 2007, but amortization of Stillwater Substation will
continue through 2020.

Table 3.4 presents data on transmission and wheeling costs. Figure 3.11 illustrates these
transmission and wheeling costs along with twenty years of history. Table 1.11 in Appendix 1
presents the forecast for these expenses in slightly more detail.

3.3.23 Other Power Costs

Other power costs include operating expenses for the system control center, power marketing
activities, greenhouse gas mitigation, green tag purchases and the Skagit Environmental
Endowment. In 2005, Other Power Costs totaled $7.8 million. They are projected to rise to $7.7
million in 2006, $7.9 in 2007, and $8.1 million in 2008. This information is displayed in total, as
Other Production Costs, in Table 3.7. These costs are also displayed in more detail in Table 1.10
in Appendix 1.

The cost of operating the System Control Center has leveled off after increases a few years to
cover technological and energy efficiency improvements and added staff for power marketing.
System Control and Dispatch costs were $5.7 million in 2005, and are projected to be $5.5
million in 2006, $5.6 million in 2007, and $5.8 million in 2008.

City Council resolutions commit the Department to meet the City's incremental electric energy
needs with no net increase in greenhouse gas emissions. To meet that commitment, the
Department has acquired green tags and greenhouse gas mitigation measures. The cost of these
purchases was $1.0 million in 2005 and is projected to remain around that level through 2008.
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Table 3.8
Costs of Transmission and Wheeling

Cost of Transmission and Wheeling

$1,000
2005 2006 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016
City Light Transmission 4,631 5,777 5,861 5,958 6,126 6,277 6,437 6,595 6,757 6,923 7,093 7,268
Wheeling Expenses from Others for: 32,003 37,777 40,775 44,297 46,502 47,685 48,864 50,064 51,270 52,515 53,791 55,097
Centralia - - - - - - - - - - - -
Boundary 16,174 18,681 19,865 21,623 22,700 23,277 23,853 24,434 25027 25635 26,258 26,896
South Fork Tolt 336 332 375 385 404 415 425 435 446 457 468 479
Box Canyon to Seattle 190 - - - - - - - - - - -
Entl/Supp Capacity - - - - - - - - - - - -
Priest Rapids 1,123 1,281 1,363 1,483 1,557 1,597 1,636 1,676 1,717 1,758 1,801 1,845
CSPE - - - - - - - - - - - -
Grand Coulee (BPA) 1,107 1,263 1,350 1,470 1,543 1,582 1,621 1,661 1,701 1,743 1,785 1,828
Grand Coulee (Local) 118 1,507 1,023 965 1,013 1,039 1,065 1,091 1,117 1,145 1,172 1,201
Lucky Peak (BPA) 1,581 1,805 1,919 2,089 2,193 2,249 2,304 2,361 2,418 2,477 2,537 2,598
Lucky Peak (Local) 117 117 1,031 1,231 1,292 1,325 1,358 1,391 1,424 1,459 1,494 1,531
Wind Resources 412 409 684 719 754 773 793 812 832 852 872 894
NCPA Exchange 569 650 691 752 790 810 830 850 870 892 913 935
BPA Firm Power 10,277 11,731 12,475 13,579 14,255 14,618 14,979 15344 15717 16,098 16,490 16,890

Note: 2005 data in this table have not yet been updated to reflect actual history, all values displayed are forecast values

Figure 3.10
Wheeling and Transmission Costs, $1000
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3.4 Net Wholesale Revenue

Previous sections of this chapter have included brief descriptions of short-term wholesale
purchases and sales, since these are a component of net power costs. This section
provides a more detailed explanation of the methodology used in forecasting these
revenues and expenses.

A key feature of this part of the forecast is that it takes into account the uncertainty
associated with short-term wholesale revenues and expenses, using a stochastic approach
to modeling them. This is a departure from recent past practice, at least back to the
1980’s. From that time up until 2000-2001 energy crisis, net wholesale revenue was
forecast as a point forecast of a single expected value rather than as a range of possible
outcomes. The deregulation of the wholesale energy market that began in the late 1990’s
and the resulting increased volatility in market prices that reached a peak during the
2000-2001 energy crises made the Department aware that it needed to better account for
the uncertainty wholesale power transactions in its financial forecast. A new method of
modeling that uncertainty was developed, as described below. Changes to City Light’s
financial policies also warranted an update to its forecast methodology to reflect
uncertainty in wholesale power revenue. In particular, the new policies include the
requirement that City Light generate sufficient annual operating revenue to achieve 95%
confidence of having zero or greater operating funds available for capital expenditures
after all operating expenses, including debt service. In order to be able to forecast the
revenue required at this 95% confidence level, City Light needed to model the
uncertainty in its forecast of wholesale revenue.

In modeling the uncertainty associated with wholesale revenue in its forecast, the
Department has developed ranges of values for each of the major factors that create
uncertainty in these revenues. These ranges of values are based primarily on recent
historical trends but in certain cases also on longer-term historical trends.

There are three types of uncertainty associated with net wholesale revenue. The first type
of uncertainty is load uncertainty, which is a function of customer demand for electricity.
Load uncertainty is an important component of the overall uncertainty in net wholesale
revenue because increases in load decrease the amount of surplus energy generated or
purchased by the department that is available to sell in the short-term wholesale market.
Unanticipated increases in load can also increase the amount of energy that the
Department needs to purchase in the short-term wholesale market if those increases occur
at times when the Department does not have sufficient resources to cover the increased
demand. The second type of uncertainty is generation resource uncertainty, which is a
function of weather conditions and their impact on snow-pack, stream-flows and water
stored behind the dams at the Department’s hydroelectric generating facilities and those
of its suppliers under long-term power purchase contracts. Resource availability will also
vary slightly from year to year due to changes in the Department’s planned operations for
these resources, which include planned outages for maintenance and changes in operating
schedules in order to comply with environmental regulations such as federally mandated
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fish flow requirements. The third type of uncertainty is price uncertainty, which is a
function of several factors that influence wholesale market prices for electricity in the
Pacific Northwest, the most important of which are water conditions and wholesale
market prices for natural gas.

In order to model the uncertainty associated with expected values, the forecast model
assumes ranges of uncertainty around three important components of the load forecast:
base load, load used for heating residences and buildings, and load used for cooling
residences and buildings. All of this data is broken out by months of the year and by
light load hours and heavy load hours within each month. This breakout is important
because of the significant differences in prices between each of these times. This data is
input to a Monte Carlo simulation model that is run 2001 times in order to provide a
statistically accurate sample size and the ability to scale the results across 2000 intervals.
The annual output of this process is both an expected value (the mean or average result
across all of the scenarios) and an overall range of uncertainty that reflects the combined
effects of all of the uncertainty factors used as inputs to the model, which are further
described below.

Power resources are modeled by taking the outputs of model used by Power Management
to develop its operating plan and scaling those resources back by 5%. In other words, we
assume that, on the average, only 95% of the engineering estimates of resources
forecasted by Power Management are actually realized. If the Department were to use
the engineering estimates as given, that would be equivalent to assuming average water
conditions. The Department believes that assuming average water conditions creates
undesirable levels of financial risk. The outputs of Power Management’s resource
forecast model are the outputs of a Monte Carlo simulation model that also runs 2001
scenarios that produces ranges of outputs around expected values for each of the
resources. In addition to being broken out by resource, this data is also broken out by
months of the year as well as by light load hours and heavy load hours. Using all of the
outputs from Power Management as inputs, the financial forecast essentially imports the
ranges of uncertainty used by the Power Management, adjusted by 95% scaling, which
makes the ranges slightly narrower. The average generation calculated under this scaled
down distribution is exceeded by the generation under 65% of the scenarios run by Power
Management. This is equivalent, in terms of the impact on hydro generation resource
output, to assuming water conditions that will be exceeded 65% of the time (“65%
exceedence”) rather than assuming average water conditions. The data sources and
assumptions that Power Management uses in projecting resources and the uncertainty
associated with those resources are described in Appendix 2.

The price forecast for wholesale energy is developed using the most recent long-term
forecast from Global Energy Advisors, which is currently the Spring 2006 forecast (the
forecast is produced twice a year, in Spring and Fall). Global Energy Decisions (GED)
produces electricity and gas price forecasts for the entire Western Electricity
Coordinating Council (WECC) area, which includes 14 states in the western U.S. as well
as the western regions of Canada and Mexico. GED also produces forecasts for several
sub-regions within the WECC, including the Pacific Northwest. As inputs to its forecast

45



of wholesale revenue, City Light uses Global Energy’s Pacific Northwest electricity price
and Pacific Northwest Coastal gas price forecasts. The City Light forecast of wholesale
revenue stochastically forecasts electricity prices by making use of a ratio known to the
energy community as the “market heat rate”. The market heat rate is the price of
electricity divided by the price of natural gas. The market ratio depends upon the amount
natural gas used to generate electricity. This, in turn, is a function of water available for
hydro generation and the electrical energy used by WECC customers, which, in turn,
depends upon base load, heating load and cooling load, similar to the City Light service
area but on a much larger scale. The market heat increases as the amount of natural gas
used for electric generation increases. The market heat rate can fall to very low levels
when no natural gas is being used for electrical generation, but it can also reach very high
levels when the demand for electricity exceeds the capacity of all generation in the
WECC. City Light recognizes the random nature of deviations in the major elements that
determine the market heat rate and uses this to calculate the deviations in the market heat
rate from the expected values forecast by GED. City Light then calculates market prices
for natural gas in a similar manner, by looking at the major elements that cause deviations
from the expected values projected by GED. This calculation also recognizes that there
is a correlation between the price of natural gas and the amount of natural gas used for
electrical generation. For example, as water available for hydro generation in the WECC
decreases the market heat rate goes up, and this in turn drives up the price of natural gas.
City Light then uses its forecast of gas prices to calculate electricity prices, by
multiplying the price of gas times the market heat rate. There is currently significant
volatility in the price of natural gas and not all of the drivers of that volatility are
completely transparent. For example, although we know that hurricanes in the Gulf of
Mexico and changes in world oil prices have impacts on gas prices, we are not at this
time able to quantify those impacts. Therefore, gas prices should be considered the
greatest source of uncertainty in City Light’s forecast of wholesale electricity prices.

35 Other Power Related Revenue and Revenue from Transmission and Related
Services

In addition to the revenues that it earns from retail energy sales and sales of surplus
energy in the short-term wholesale power market, the Department earns revenues from a
variety of power-related products and services. In 2005 these revenues totaled $23.3
million. They are expected to grow to $29.4 million in 2007 and $29.6 million in 2008.
In addition, the department earns revenue from sales of transmission capacity and related
services. In 2005 this revenue totaled $4.5 million. It is projected at $3.3 million in 2007
and $5.3 million in 2008.

3.5.1 BPA Funding for Conservation

The Bonneville Power Administration currently provides two types of funding for City
Light's conservation programs. The first type of funding is a "Conservation and
Renewables Credit”. The power sales contract with Bonneville that took effect on
October 2001 provides a credit of $0.50 per MWh against the amounts payable under
Bonneville's rate schedules for investments in conservation and renewable resources. In
2005, credits totaling $2.0 million were applied against the cost of power from
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Bonneville. The forecast projects these credits to be $2.1 million in 2006, then grow to
$2.2 million annually in 2007 and 2008. These credits have an immediate impact on
revenue requirements because they reduce the amount of power purchases required in the
period to which they apply. The second type of funding that Bonneville provides to the
department, pursuant to "Conservation Augmentation" agreements signed in 2002 and
2003, is direct funding totaling $48.2 million for conservation savings to be achieved
between October 1, 2001 and September 30, 2006. This funding is being deferred and
amortized into revenue every month over the remaining life of the current power contact
with Bonneville, which ends on September 30, 2011. It reduces revenue requirements at
the time that funds are received from Bonneville and it has a delayed, upward impact on
net income, but no impact on revenue requirements, at the time that it is amortized as
revenue. In 2006-2008 annual amortization of this revenue from BPA is $5.3 million.

3.5.2 Sales from Priest Rapids

On November 1, 2005, in compliance with a 1998 FERC ruling, 30 percent of the output
of the Priest Rapids Project was offered for sale pursuant to market-based principles to
entities in the seven-state northwest region. Under the terms of contracts entered into
with Grant County PUD in 2002, the Department has contracted to receive a share of the
profits derived from the sale of the 30 percent share of Priest Rapids' output. Revenues
of $1.7 million were generated by the Department’s share in 2005, during the last two
months of the year. $8.8 million in revenue from a full year of sales is projected for 2006.
Assuming that City Light elects to take its share in revenue, rather than power,
approximately the same amount can be expected in 2007 and 2008 and this is assumed in
the forecast.

3.5.3 Article 49 Sales to Pend Oreille County

Part of Boundary Dam output cannot be used to serve the customers in the Seattle service
area because it must be sold to Pend Oreille County. According to Article 49 of the
original license issued by the Federal Energy Regulatory Commission (FERC) for the
Boundary Project, part of the generation at this site must be made available to Pend
Oreille County Public Utility District (PUD) No. 1 to meet its load growth. Pend Oreille
COUNTY PUD is withdrawing currently about 28 average MW per year from Boundary.
This withdrawal increased to its maximum amount of 41.3 average MW in the year 2005.
Revenues from these sales to Pend Oreille County totaled $1.3 million in 2005. These
are projected to increase to $1.5 million in 2006 and $1.6 million in 2007 and 2008.

3.5.4 Seasonal Exchange

In addition to its firm power contracts, City Light enters into seasonal exchange contracts
with other utilities which allow it to shape its resources to fit the demand from its
customers. As discussed in section 3.3 of this chapter, these exchanges can produce
either costs or revenue to City Light. City Light usually has surplus energy during the
summer while its heaviest load is in the winter. Other utilities (especially those in the
Southwest) have load or resource profiles that are different from City Light’s, with peak
demand in the summer. Therefore, exchange agreements with these utilities are
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beneficial to both parties. The seasonal exchange contracts usually result in exchange of
energy and no cash payments, but they provide for cash payments if a utility cannot
deliver energy at the times specified in the agreements. If the exchange is a noncash
transaction, it only affects net income, but if it is settled in cash it affects both net income
and revenue requirements. If it is settled in cash it is accounted for as a short-term sale or
purchase rather than a seasonal exchange transaction. On a planning basis, revenue and
expenses for the seasonal exchange are assumed to be equal. However, in actual practice,
revenue and expenses are not equal. In the past, City Light has valued exchanges at its
average cost of power for the month that the first half of the transaction is entered into.

In 2006, in accordance with Financial Accounting Standard (FAS) 153, City Light began
recording these transactions at market prices. This accounting change is currently
pending approval by Council with the expectation that it will be approved prior to 2006
year-end. Currently, City Light has a seasonal exchange agreement only with the
Northern California Power Authority (NCPA). Revenue associated with exchange
energy delivered to NCPA in 2005 totaled $0.3 million, while expenses associated with
exchange energy received were only $33,000. These expenses and revenues were much
less than had been projected for 2005 because NCPA decided to keep most of the energy
that had been delivered to it, settling those transactions in cash, which resulted in their
being accounted for as short-term sales rather than exchanges. Seasonal exchange
revenues and expenses are projected at levels closer to those of 2003 and 2004, which
were not cashed out: $2.9 million in 2006 and 2007 and $3.0 million in 2008.

3.5.5 Basis Sales

Basis sales are transactions that occur on the sale side of a basis trade. Basis trades are
paired power purchase and sale transactions at different locations at the same time at
prices based on the difference in market value of energy at two locations (e.g., Mid-
Columbia and COB). These types of trades may occur at any location where City Light
has access to transmission services. In 2003, because it was economically advantageous
to do so, City Light engaged in a significant volume of basis trades. Basis sales that year
totaled $15.9 million and basis purchases totaled $13.4 million. By 2005, basis sales
dropped to $1.0 million and basis purchases fell to $0.5 million. These transactions are
projected to stay at about those levels through 2008.

3.5.6 Reserve Capacity Sales

City Light sells utilities, power marketers and other entities that purchase power from the
Bonneville Power Administration the right to purchase reserve capacity, enabling them to
meet their required reserves (i.e., the requirement that a utility have capacity at its
disposal that exceeds its expected peak demand by a certain percentage). Revenue from
these sales totaled $5.4 million in 2005, up from just $1.6 million in 2003. The forecast
assumes that there will be continued strong demand for this product, and these revenues
are projected to grow to $6.4 million by 2008. These sales are included in the "Other
Services" line of Table 1.07 in Appendix 1.

3.5.7 Green Tag Revenues
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City Light is able to unbundle the environmental attributes from renewable energy
purchases, such as purchases of wind power from State Line Wind Project, and sell those
environmental attributes as green tags. This is a relatively new market that City Light, in
conjunction with the environmental community, the government and other utilities, is
trying to develop in order to encourage development of renewable resources. In 2005,
the Department earned $0.8 million in revenues from green tag sales. Earnings from
these sales are highly variable, therefore the forecast conservatively projects them to be
just $0.2 million in 2007 and $0.3 million in 2008. These sales are included in the "Other
Services" line of Table 1.07 in Appendix 1.

3.5.8 BC Hydro 7-Mile Encroachment on Boundary Dam

The High Ross Treaty allowed BC Hydro to raise Seven Mile Reservoir, which reduced
the output at Boundary Dam due to encroachment on the tailrace. Until March 2004, BC
Hydro returned the energy that would have otherwise been generated at Boundary Dam if
Seven Mile Reservoir had not been raised. From March 2004, forward, BC Hydro has
been paying City Light for these losses at the Mid-Columbia rate. Pursuant to terms of
the “Agreement for Boundary Generating Station Tailwater Encroachment Losses
Caused by Seven Mile Generating Station” dated February 2, 1990, the amount of return
is calculated hourly by the Boundary Encroachment Monitoring System. The prices used
to forecast these payments are based on Global Energy Advisors’ price forecast.
Payments actually received in 2005 totaled $0.8 million. They are projected at $0.6
million in 2007 and $0.5 million in 2008.

3.5.9 Miscellaneous Other Power-Related Services

The forecast also assumes that City Light’s power marketing group will find additional
ways of generating about $0.5 million new power-related revenue in 2007 and $0.6
million in 2008. This revenue is also included in the "Other Services" line of Table 1.07
in Appendix 1.

3.5.10 Miscellaneous Transmission Revenue

Under its Point-to-Point transmission service agreements with BPA and others, City
Light is permitted to market its unused capacity. Resale price cannot exceed the cost of
transmission but can be discounted at the discretion of the reseller. The revenue from this
source has been quite variable over the years because it depends on both City Light’s
transmission surplus as well as its marketing effort. Since 2005, City Light senior
management has emphasized the importance of this resource and encouraged more
creative marketing. City Light earned $4.2 million of miscellaneous transmission
revenue in 2005, more than double the average of the prior two years. The forecast
assumes that the department will continue making strong efforts to market this service,
therefore this revenue will remain higher than levels seen prior to 2005, although it will
continue to fluctuate from year to year. It is projected at $3.0 million in 2007 and $5.0
million in 2008.
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3.5.11 Transmission Sales to North Mountain Substation, Snohomish County PUD

City Light has three contracts with Snohomish County PUD (SNOPUD) for North
Mountain Substation: an Operations and Maintenance Agreement, a Power Transfer
Agreement, and a Telecommunications Agreement. These contracts reimburse City
Light for expenditures made to operate and maintain the substation and pay for
transmission of power to SNOPUD over City Light’s Skagit Transmission Lines. These
revenues are projected at $0.3 million annually in 2007 and 2008.
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Chapter 4

Non-Power Expenses, Other Revenues, Low-Income Customer Rate
Assistance and Non-Cash Expenses

4.1 Introduction

This chapter presents the forecast of Non-Power operating and maintenance expenses,
taxes, other revenues, other non-operating income and expenses, assistance for low-
income customers and non-cash expenses. The methodology used in forecasting Non-
Power O&M expenses is explained in Section 4.2. The major components of the Non-
Power O&M forecast are presented in Section 4.3. This section discusses major drivers
of the Non-Power O&M forecast. Section 4.4 and 4.5 presents the forecast of taxes and
other revenues, respectively. Section 4.6 explains the forecast of non-operating income
and expenses and 4.7 discusses low-income customer rate assistance. Section 4.8
discusses non-cash expenses, i.e. depreciation and amortization.

4.2  Forecast Methodology

This chapter presents the forecast of revenue required for non-power operating and
maintenance expenses for the categories including distribution, conservation, customer
accounting and advisory services, and administration and general. Non-power operating
and maintenance expenses directly affect revenue requirements in the year in which they
are incurred. Neither depreciation of capital investments nor the amortization of deferred
O&M expenditures®, which are non-cash expenses, are included.

In projecting these costs, a baseline forecast was developed based on past experience.
The baseline forecast was then adjusted to account for changes anticipated in the forecast
period from 2006 to 2010.

4.3 Major Components of Non-Power O&M Expense

Non-power O&M expense, excluding deferred expenses and amortization, is expected to
increase from $123.8 million in 2006 to $133.4 million in 2008 or by $9.6 million
(7.7%). Table 4.1 shows the forecast of expenses for distribution, conservation, customer
accounting and customer service and administration and general through 2010. The area
of largest increase is projected in administration and general expense, which is increasing
by $7.7 million or 16%, which is well above the rate of inflation for the period.
Administration and general expense is largely comprised of labor, so the increase in labor
benefits impacts this category markedly. In addition, rents and City services cost
allocation to all City departments have increased significantly and these costs are a part
of this forecast. Distribution and customer service and customer accounting expenses are

> Deferred O&M expenditures such as conservation and environmental mitigation costs are treated like
capital expenditures and are amortized over time. For more detail see Chapter 5.

51



growing less than the rate of inflation (2 to 3%), while conservation direct expenses are
growing with inflation. New initiatives in these areas will be accommodated by
completion of O&M activities and refocusing of existing resources on higher priority
work. The forecast of each major category of expense is discussed below.

Table 4.1
Distribution, Conservation, Customer Services, and A&G
In Millions of Current Year Dollars

2006 2007 2008 2009 2010
Distribution $42.3 $42.9 $43.5 $43.2 $44.3
Conservation $2.4 $2.4 $2.5 $2.6 $2.6
Customer Accounting $31.3 $31.9 $31.8 $30.2 $31.1
Administration $47.8 $53.7 $55.5 $52.1 $53.4
Total $123.8 $130.9 $133.4 $128.1 $131.4

Note: The amounts in this table exclude depreciation and amortization, non-cash
expenses.

Distribution Expenses. Total distribution O&M expense is projected to increase from
$42.3 million in 2006 to $43.5 million in 2008, or by 3%. Distribution expenses include
the direct expenses of operating and maintaining substations, power lines, line
transformers, poles, service connections, meters, and streetlights. Distribution expenses
have been gradually increasing by more than the rate of inflation over the past few years
and that trend is expected to continue. This is due in part to efforts being undertaken to
improve system reliability, such as increasing the level of expenditure for tree trimming.
It also reflects O&M expenditures required to plan and maintain large interagency
projects requiring City Light distribution infrastructure, such as Sound Transit, relocation
of equipment on the Alaskan Way viaduct, and the development of South Lake Union.
Several key initiatives for 2007 and 2008 are discussed below.

e Tree Trimming. During the forecast period, City Light plans to catch up on deferred
maintenance of distribution assets, which jeopardizes system reliability and customer
service. About $4.4 million each year in 2007 and 2008 is added for tree trimming.
These funds will improve service reliability and facilitate better customer service by
reducing outages in both frequency and duration. Historically, funding has been
provided to perform routine area-by-area tree trimming on a three- to four-year
trimming cycle. Budget cuts in the early 2000s eliminated much of the funding for
preventative tree trimming. Consequently, tree-related service outages have
increased in the last four years.

e Apprenticeship Program. In anticipation of the need for more skilled electrical
workers to meet customer needs, additional funds for the Apprenticeship Program are
included in the revenue requirements. Washington State Apprenticeship Standards
require that apprentices have 144 hours of specialized academic instruction provided
by community colleges. These increased revenue requirements will cover increases
in community college fees. In addition, City Light plans to hire approximately 30
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additional apprentices in 2007-2008, bringing the total to 100. These additional
apprentices are needed to meet City Light’s future needs for skilled electrical
workers. About $400,000 each year is included in the revenue requirements for 2007
and 2008.

Conservation Direct Expenses. Conservation direct expenses are projected to increase
from $2.4 million in 2006 to $2.5 million in 2008 or by 5%. Conservation direct
expenses include costs for administration, planning, marketing, and customer services for
the conservation programs net of regional funding for the Lighting Design Lab. City
expects to receive around $0.3 million annually in operating grants for the Lab, as it has
for the past few years.

Deferred conservation expenditures are costs that City Light invests in energy efficiency
measures (7 aMW) in our customers’ homes or businesses. The level of conservation
investment is approved during the 2007-2008 Budget process. Deferred expenditures are
treated like capital expenses and are discussed in more detail in Section 5.5. These
expenditures impact revenue requirements over time through debt service coverage and
current revenue available for capital requirements. Amortization of deferred
conservation expenditures, which is a noncash expense, is discussed in Section 4.8 of this
chapter.

Customer Accounting and Customer Service. Customer accounting and customer
service expenses expense are projected to increase from $31.3 million in 2006 to $31.8
million by 2008 or by 2%. These expenses include the direct expenses for reading
meters, billing customers, providing information to customers, and maintaining customer
records. It also includes the costs to administer rate relief programs for low-income
customers. (See Section 4.7.) Several key initiatives for the rate period are discussed
below.

e Improved Customer Service Process. The customer service forecast includes about
$1.2 million in the 2007-2008 rate period for the Customer Electrical Service
Implementation Process (CESIP). This project will fund consultant services and two
IT technical support positions. CESIP will focus on process improvements to clarify
roles and responsibilities for existing customer service and operational staff, and
technology enhancements to communicate, track and report progress of electric
service installations to customers. Funds are also included in the capital forecast for
information technology in the General Plant category. (See Chapter 6.)

e Uncollectible Accounts. The Utility will reduce the age and amount of active
receivables on residential accounts to reduce annual write-offs by 6% through active
collection efforts. Uncollectible accounts are projected to decrease from $7.4 million
in 2006 to $5.1 million in 2008, decreasing by $2.3 million or 31%.

e Administration and General Expenses. Administration and general expenses

(A&G) include the direct expenses for administration, planning, office supplies,
building rents, maintenance of general plant, services provided by the Executive
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Services Department, injury and damage claims, cleanup of toxic materials, and
research and development.

In addition to the direct expenses noted in the above paragraph, A&G also includes
amortization of vehicles and boats. This is a non-cash expense and therefore does not
have any impact on the revenue requirements during the rate period. It does affect the
Department’s calculation of net earnings, however, and therefore also affects its debt-to-
capitalization ratio. Amortization of vehicles and boats is projected to total $1.5 million
annually in 2006-2008.

A share of A&G expenses is allocated to capital projects, based on the number of labor
hours expended on capital projects. The allocation is expected to increase from $22.5
million in 2006 to $23.7 million in 2008 or by 5%. This allocation reduces A&G costs
recognized as current expenses and increases capital requirements. A&G allocation will
reduce revenue required from customers during the current rate period but will increase it
over time through debt service expense and coverage requirements.

A&G expense (excluding A&G allocated to capital) is projected to increase steeply from
$47.8 million in 2006 to $55.5 million in 2008, an increase of $7.7 million or 16%. The
major drivers of this increase are the increasing cost of labor and benefits, office rents,
City services cost allocation to all City Departments and the Duwamish Cleanup.

The following City Light initiatives, funded in the 2007 and 2008 Rate Proposal and
described in the 2007 and 2008 Budget, are intended to support the Department’s vision,
mission and values. The Department intends to achieve operational excellence, which
will enable the utility to improve productivity and customer delivery performance. The
initiatives include activities essential to that purpose. Current funding levels support
most of these activities, but several are new. New initiatives will be funded primarily by
refocusing existing resources rather than by increasing total funding for administrative
and general expenditures above current levels.

e Security and Emergency Preparedness — The purpose of the Security Improvement
Program, which started in 2005, is to plan, design, and implement projects to improve
the physical security of City Light’s facilities so that reliability of customer service is
maintained. It is intended to prevent unauthorized access and criminal activities that
could cause significant system damage, power outages, and other related disruptions
to the electrical system.

e Asset Management. A utility-wide Asset Management Plan was established during
2006 as part of the transformational reorganization. The plan includes the creation of
an Asset Management Division within the Power Supply and Environmental Affairs
(PSEA) and the Customer Service energy Delivery (CSED) business units. The Asset
Management program will develop maintenance and replacement strategies that will
prolong the life of assets and optimize the life cycle benefits of City Light’s
investment. In addition CSED plans to establish a business planning group focused
on workload planning, job estimating, job dispatching, in-service times, and job
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closeouts. Workload planning software (Maximo) will be funded for their use to
improve maintenance management.

e Corporate Performance — City Light intends to implement programmatic
performance measurement and reporting to improve Utility performance. Resources
are available to establish and hire staff to measure corporate performance through
benchmarking and metrics. Performance measures established as part of the
programmatic budgeting process and in accountability agreements will be the basis
for management reporting by program on a regular basis. Benchmarking of these
measures will be used to determine utility performance compared to industry
standards.

e Strategic Planning — The Department will develop a Strategic Plan based on
benchmarked industry practices, including issue-specific strategies responsive to
SWOT and Gap analyses, consistent with the Vision, Mission and Values of City
Light. The Plan will help reaffirm, redirect and identify new strategies and initiatives
that will guide future decisions and investments in an effort to achieve customer
service and operational excellence, a high performance work culture and financial
strength.

e Power Supply Risk Management. An initiative intended to address financial
reliability and accountability is a department-wide risk management function within
the Finance Business Unit. This initiative is intended to conform City Light to
industry best practices.

e Employee Performance and Growth. City Light must invest more in its employees
to enable them to achieve customer service and operational excellence. The Proposed
2007-2008-revenue requirement provides resources for training and development of
improved ways to recruit, hire and retain the best utility employees possible.
Performance management initiatives will encourage and reward performance
excellence. In addition, safety initiatives and training will emphasize “safe” as well
as excellent work performance.

4.4  Taxes and Contract Payments

The Department recognizes taxes and contract payments as operating expenses. The
major taxes paid by City Light are revenue taxes paid to the City of Seattle and the State
of Washington. The Department also makes payments to counties in which City Light
resources are located. These payments are for a variety of public services, such as fire
and police protection, schools, and road maintenance. City Light also makes payments to
suburban cities, as agreed in franchises negotiated with these cities. Other taxes include
city and state business taxes. The forecast of taxes is presented in Table 1.13 in
Appendix 1.

Total taxes and contract payments are projected to be $62.8 in 2006 and increase to
$62.9 in 2008. The major part of this category fluctuates with retail revenue.
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4.5

State of Washington a State Public Utility Tax. City Light pays state utility tax on
retail revenue. Approximately 2.0% of total revenue is exempt from this tax; the tax
on the remainder is 3.873%. State Public Utility tax payments are projected to
increase slightly from $22.6 million in 2006 to $22.7 million in 2008.

City of Seattle Occupation Tax. City Light pays the City of Seattle an Occupation
tax equal to 6.0% of retail revenue. Approximately 1.7% of retail revenue is exempt
from this tax. The City Occupation tax expense is projected to decrease slightly from
$34.9 million in 2006 to $34.8 in 2008, changing with retail revenue.

Payments to Counties and Schools. Payments to Whatcom County, where the
Skagit Projects are located, totaled $0.8 million in 2006 and are expected increase
slowly to $0.9 by 2008. Payments to Pend Oreille County, where the Boundary
project is located, totaled $1.2 million in 2006 and are expected to increase to $1.3
million by 2008. Contracts for both of these counties allow for annual increases to
account for inflation and the forecast reflects this by assuming that these payments
will grow by the rate of inflation.

In addition, City Light makes payments to the Concrete School District (located in
Whatcom County), which provides career counseling, bus transportation to after
school events and night school, and other services to City Light staff and family
members residing at the Skagit. These payments are about $0.1 million annually.

Payments to Suburban Cities. City Light also makes payments to suburban cities
with which it has negotiated franchise agreements to construct, operate, replace, and
repair the electric and light system to serve those areas. These payments are made to
the cities in return for their agreement not to exercise their rights to establish their
own municipal utilities and to acquire City Light's distribution property within their
limits. Under the terms of franchise agreements signed in 1998 and 1999, City Light
makes monthly payments to the cities of Shoreline, Burien, Lake Forest Park and
Sea-Tac in amounts equal to 6.0% of the revenue attributed to the energy component
of rates charged to customers residing within those cities. Under a franchise
agreement with the City of Tukwila, the Department paid Tukwila monthly amounts
equal to 4% of total revenue billed to customers in Tukwila from March 1, 2003
through December 31, 2004, 5% of revenue in calendar years 2005 and 2006, and 6%
of revenue from calendar year 2007 through the end of the franchise in 2018.
Payments to suburban cities consistent with the franchises are projected to change
very little in the near future, running about $3.0 million through 2008 and beyond.

Other Taxes and Payments. This forecast includes State and City business taxes not

based on revenues and payments to King County for surface water management fees.
The expenses are projected to increase from $250,000 in 2006 to $258,000 in 2008.

Other Revenues

In addition to operating revenue from retail sales of energy to customers in its service
area and wholesale sales of power and power-related products, the Department earns
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operating revenue from fees and charges for a variety of services. These sources of
income offset revenue requirements and reduce the required level of customer rates.
These miscellaneous fees and charges are projected to be $13.5 million in 20086,
increasing to $14.1 million in 2007 and $15.2 million in 2008. FPM Table 1.14 in
Appendix 1 presents the annual forecast for each of these sources of revenue. Details of
the forecast are discussed below.

Late Payment Fees. Delinquent customer balances of $75 or more are assessed the
greater of $10 or 1% per month. Revenue from these fees increased sharply in the past
several years, to highs of $5.4 million annually in 2003 and 2004. Billing system
problems, significant rate increases and a slower economy led to the increase in late
payments. The Department has implemented a variety of measures to correct this
situation, such as revising collection methods to increase their effectiveness and making
improvements to the billing system. These improvements, along with the leveling off of
rates and some improvement in the local economy, have been successful; reducing
revenue from late payment fees to about $3.4 million in 2005. Revenues from these fees
are expected decline further to around $3.1 million in 2006, then grow by inflation to
about $3.2 million by 2008.

e Revenue from Damage to Property and Equipment. The Department bills those
responsible for damage to its property and equipment, such as damage to streetlight
poles, vaults, ducts, etc., for any repairs required to restore the functionality of the
property or equipment. Prior to 2000, these billings were recorded as offsets to
expense for property and equipment maintenance. Since that time, they have been
recorded as a source of operating revenue. Revenue from damage to property and
equipment is forecast to increase from about $1.4 million in 2006 with inflation
throughout the forecast period.

e Other O&M Revenues. These revenues encompass income earned from a very
broad range of billable O&M charges, including service charges, charges for
inspections of meters and other technical equipment, building maintenance charges
and recreational charges such as those for Skagit tours. These revenues are projected
to increase from $3.8 million in 2006 to $4.0 million by 2008.

e Property Rental Income. Property rental income includes revenue from rental of
City Light property including underground ducts and vaults, housing units at the
Skagit project, and transmission and distribution right-of-way. Property rental
income is expected to increase from $1.7 million in 2006 to $1.8 million by 2008.

e Construction Charges. Construction charges are paid by customers for City Light
services during phases of construction activity on the customer premises related to the
delivery of electricity. The Department bills customers for associated accounting
time, engineering work, and administrative overhead. These revenues are projected at
$0.4 million annually in 2006 through 2008.

e Transmission Attachments and Cellular Antenna Sites. Transmission attachments
and cellular sites accounted for a significant portion of the increase in revenues from
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miscellaneous fees and charges in the late 1990's but have since leveled off. Revenue
from these rentals is forecast to remain around their 2005 level of $0.6 million
through 2008.

Pole Attachments. Ordinance 119395, passed in March 1999, allows City Light to
charge two different rates for pole attachments. Attachments billed at the traditional
cost-based rates are called Class 1 attachments and a new type of attachment, billed at
a market-based rate, is called a Class 2 attachment.

Class 1 Pole Attachments. Class 1 attachments typically consist of television or
computer cable strung pole-to-pole and charged a cost-based rate. An increase in pole
attachment rates is scheduled for late 2006. Revenue is projected to increase from
$0.8 million in 2006 to $1.0 million in 2007 and 2008. The number of poles on
which Class 1 attachments are made and rents collected is expected to remain
constant throughout the forecast period.

Class 2 Pole Attachments. Class 2 attachments are defined as “non-linear, non-wire
line devices, related to advanced and competitive communication technologies, such
as wireless communication antennas and remote-site cameras.” Ordinance 119395,
passed in March 1999, allows City Light to negotiate market-based rates for these
types of attachments. The Department expected to earn significant revenue from these
types of attachments and included that revenue in the forecast. Since that time,
however, the Department has not earned any such revenue; therefore, the forecast
does not currently include it. If the Department begins earning revenue from Class 2
attachments in the future, it will be added to the forecast at that time.

Account Change Fee. City Light charges a fee when customers open an account.
Account service revenues are estimated using a forecast of the number of account
changes and the projected fees charged for changing an account. A fee increase is
expected in 2006. These revenues are projected to increase substantially from $0.5
million in 2006 to $1.4 million in 2007 and 2008.

Miscellaneous Rentals. These revenues are collected from commercial customers
for rental of equipment. Miscellaneous rental income totaled less than $0.2 million
2006. It is expected remain near that level, gradually growing with inflation.

Reconnect Charges and Returned Checks. City Light charges customers for the
cost of processing returned checks, making field visits to collect on delinquent bills,
and reconnecting electric service. Revenues are forecast to remain near the 2006
level of $0.2 million, growing with inflation.

Miscellaneous Income. Miscellaneous income includes income net of expenses for
non-operating property expenses. The latter include work performed on plant that is
considered surplus property because it is no longer used to generate electricity.
Miscellaneous income often includes one-time receipts such as refunds or
reimbursements that can vary greatly in amount, making this a difficult revenue
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category to forecast with any precision. The forecast projects it at about $0.8 million
in 2006 and the rate period, growing with inflation.

4.6  Miscellaneous Non-Operating Income and Expense

Miscellaneous Non-Operating Income and Expense includes investment income,

proceeds from sale of property and other income and operating fees and grants. The
largest components of this forecast are income from investment income and proceeds
from property sales. These revenues vary widely from year to year as can be seen in

Table 4.3 below. Consequently, historical trends are not useful for forecasting purposes.
Miscellaneous Non-Operating Income (Net of Expense) reduces the revenue requirement
from customer rates.

Table 4.2
Millions of Dollars

Non-Operating Income (Net) 2006 2007 2008 2009 2010
Investment Income $7.6 $7.1 $4.5 $2.5 $2.4
Other Income (Expense) -$0.2 -30.2 -$0.3 -$0.3 -$0.3
Sale of Property $1.0 $9.5 $1.1 $1.1 $1.1
Operating Fees and Grants $0.3 $0.3 $0.3 $0.3 $0.3
Total $8.6 $16.7 $5.6 $3.6 $3.5

Investment Income. City Light’s investment income is projected to decline from
$7.6 million in 2006 to $4.5 million in 2008. Investment income varies with the level
of funds in cash balances. These levels vary with actual retail and wholesale sales
revenues, operating expenses, capital expenditures, contributions and grants, proceeds
from the sale of bonds, and cash reserves and minimum balances required to meet
financial policies set by the City Council. Cash balances are projected to be $141.1
million in 2006, declining to $55 million in 2008 as excess cash over and above
reserves and minimum balance amounts required by financial policies is used as a
source of funding for capital expenditures during that time. (FPM Table 1.05,
Appendix 1)

